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Abstract

:

Shale reservoirs are characterized by extremely low porosity and permeability, poor connectivity, and high content of clay minerals. This leads to the reservoir being vulnerable to imbibition damage caused by foaming agent solutions during foam drainage gas recovery. It results in the decrease of reservoir permeability and the reduction of gas well production and ultimate recovery. Therefore, as the most commonly used foam drainage gas production, it is particularly important. This study is structured as follows. First, we analyze and evaluate the characteristics of shale reservoirs within the target area, and that of mineral composition and microscopic pore throat structures. Second, we study foaming agent types and two types are selected to be applied in subsequent sensitivity tests. Simultaneously, the nuclear magnetic resonance (NMR) method was used to study the microscopic characteristics of reservoir damage and imbibition damage of shale, caused by the impact of foaming agent solutions during the foam drainage and gas recovery processes. Finally, it is concluded that the degree of damage to the core permeability is minimized when the concentration of foaming agents is 0.4–0.6%. A trend has been established for increased damage to the cores with increasing exposure time. Additionally, this study provides technical guidance for damage evaluation and reservoir protection in shale reservoir exploitation.
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1. Introduction


Water infusion in the shale matrix is a common problem in the modern state-of-the-art development of shale gas reservoirs. It frequently causes a reduction in productivity or even complete shutdown of the producing wells. Drainage gas production method is used to discharge the accumulated liquid at the bottom of the well and increase gas production. It plays a critical role in this production process. Of these techniques, the most commonly used method is foam drainage gas recovery. However, it is known that water-based fluids (including foamed fluids) may cause imbibition damage to reservoirs. Therefore, it is essential to reveal the damage mechanisms of foamed fluids to protect the formation rock and improve productivity [1,2].



Starting in the 1950s, extensive research has been conducted to study reservoir damage outside of China. These early-stage studies were mostly focused on empirical experimental work. The researchers believed that the formation damage would only affect the output rate, not the ultimate recovery [3,4]. Later, some authors indicated that the shale reservoir damage problem required comprehensive evaluation, because the performed studies of damage mechanisms and the affecting factors did not cover the whole picture [5].



In 2013, Zheng et al. [6] summarized the results of shale reservoir damage studies over the past 30 years. He attributed the major root of shale reservoir damage to water locking caused by injected fluids. At the same time, due to poor fluid inhibition, clay cannot be prevented from hydration and expansion, which makes it incompatible with reservoir rocks. Lu et al. [7] studied shale reservoir damage during drilling and concluded that extended research is required to fill the gap in understanding the impact of drilling fluids on wellbore stability and their compatibility with reservoir rocks. Zhang et al. analyzed the water lock damage on productivity of the Yanchang Formation in 2017. The authors concluded that the pore diameters in the studied shale reservoir were small which encourage the injected fluid to invade the rock matrix due to the capillary force, resulting in water lock damage and leading to a reduction in the permeability of the reservoir [8]. In 2017, Liu et al. studied the permeability change of active-water saturated shale compared with dry samples. It was concluded that active water pollutes the reservoir, leading to a decrease of shale permeability, and the damage increases with the prolonging of soaking time. [9]. In 2019, Wang et al. [10] and Wang et al. [11] studied shale reservoir sensitivity and water lock damage that were caused by injected fluids. The authors demonstrated that the severe damage of the studied shale formations could be explained by their sensitivity to injected fluids. The decrease in the rock permeability was primarily caused by swelling of clay deposits in formation pores upon penetration of the injected fluid. In 2020, Yi et al. [12] conducted studies of the leak-off-related damage of shale reservoirs from fracturing fluids. They confirmed that leak-off and forced imbibition caused significant reduction in shale permeability, which was also dependent on mineral composition of the rock and pore size distributions. Xiong et al. studied the imbibition characteristics of the Longmaxi Formation shale in 2020, and divided the imbibition process into three stages, namely, rapid imbibition stage, imbibition transition stage, and late imbibition stage. At the same time, it is clear that the oil imbibition speed and capacity of shale are lower than that of water, and cations can effectively reduce its imbibition capacity [13]. In 2021, Ke et al. studied the water lock damage in low permeability gas reservoirs and determined that it was caused by capillary-force-induced water absorption and determined that the main factors affecting the water lock damage included capillary radius and adhesion tension. The authors also performed corresponding research on the methods to remove the water lock damage [14]. In the study of spontaneous imbibition in shale reservoirs conducted in 2021, Xu et al. examined the conclusion about the decrease of the imbibition rate during the imbibition process. At the same time, due to the high clay mineral content in shale, the imbibition driving force is strong and damage is more serious [15]. In 2022, Xu et al. studied the imbibition-related damage of fracturing fluids to tight gas formations and concluded that imbibition in tight gas rocks starts instantly and slows down with time. Imbibition degree increased as time increased. It was concluded that the capillary force drives the liquid into small pores at first and then big pores. So, the smaller the pore, the greater the imbibition damage due to a greater capillary force [16]. This means that, due to the extremely low porosity and permeability of shale reservoirs, the imbibition of various injected fluids may cause serious damage to the permeability.



During the first stage of the study the mineral composition of the shale reservoir in the study area was analyzed. Then, we carried out imbibition experiments and studied water lock damage for various foaming agent solutions. This aims to confirm the characteristics of damage by the optimal concentration of forming agents and injection time. This performed study fills the gap in the study of formation imbibition and water lock damage caused by foaming agent solutions. At present, it has certain guidance for the main problems of shale damage and can also provide reference for the follow-up research on reservoir damage and reservoir protection.




2. Analysis of the Shale Reservoir Characteristics


The study area is located in the Longmaxi shale at the southern edge of the low-steep fold belt of the southern depression of Sichuan platform, whose southern part is adjacent to the northern Yunnan-Guizhou depression. Experiments were carried out to study shale mineral composition, microscopic pore throat characteristics, and rock wettability. Then, the characteristics of the shale rock were analyzed to define the risk of the damage that may be caused by injected water-based fluids. This provided data for the following imbibition and water locking damage experiments with foamed fluids.



2.1. Mineral Composition Characteristics


The mineral composition of shale formation in the studied area was evaluated using the X-ray diffraction method (See Table 1). According to the experimental results, the mineral components primarily included quartz, feldspar, calcite, pyrite, and clay minerals. Quartz mass content varied from 20.1 to 50.3% with a mean content of about 34.67%; feldspar content was about 13.28%; and carbonate content was 15.87%. The clay minerals primarily included illite, chlorite, kaolinite, and illite interlayer. Mass content of illite was 10.3–52.6%, with a mean of 28.61%; mean chlorite mass content was 1.27% with a maximum of 9.6%; and mean kaolinite mass content was 0.23%. In the studied shale, quartz and clay minerals predominated and the content of brittle minerals was relatively high, which indicates that the reservoirs are highly fracturable and stimulation is more feasible. Simultaneously, the content of clay minerals was relatively high which benefited the adsorption and storage of shale gas and largely contributed to shale gas accumulation. However, the high content of clay minerals makes the reservoir vulnerable to sensitivity damage. For example, a high content of illite makes it easy to cause reservoir water lock damage. Therefore, it is necessary to more accurately know the possible damage of shale reservoirs.



Wang Xiuping et al. analyzed the shale mineral components of the Longmaxi Formation shale [17]. According to their data, quartz’ and feldspar’s content in the formation rock is over 50% mass with maximum clay content of 40% and carbonate content of 30%. The content of brittle minerals in the studied area is relatively high, with a maximum of 69%, in contrast to a relatively low content of clay minerals.



Guan Xiaoxu studied the mineral composition of the Longmaxi Formation samples by X-ray diffraction method. According to his results, the mass contents of feldspar, pyrite, and clay varied in the studied samples in the range of 3–15%, 1–3%, and 20–50%, respectively. He also demonstrated that illite is the main clay of the studied rock. The results of this study are consistent with other published results [17,18,19].



Gao Hui and other researchers studied the Chang 7 shale reservoir located at Ordos basin [20]. They found that shale in this area has high organic matter content, with TOC content ranging from 2 to 6%, and Ro distribution ranging from 0.9 to 1.2%, which corresponds to the mature rock state. According to these data, the shale of Chang 7 member can be considered a high-quality source rock.




2.2. Microscopic Pore Throat Characteristics


Table 2 and Figure 1 show the pore characteristics of the studied rock samples obtained using isothermal nitrogen adsorption methodology. The specific surface area (BET) ranges from 1.81 to 11.43 m2/g with a mean of 5.22 m2/g. The total pore volume of pore size distribution test (BJH) ranges from 0.0095 to 0.03 mL/g with a mean of 0.0203 mL/g. Furthermore, the pore diameter ranges from 9.79 to 18.87 nm with a mean of 14.81 nm. Figure 2 shows nitrogen adsorption curves for some of the studied cores. These results are in agreement with the data by Zhang Mengqi et al. [21], who reported a mean diameter range of 0.5–30 nm.




2.3. Wettability Characteristics


The contact angle was measured using a standard direct measurement method, which drops the liquid directly on the solid surface, then takes a photo and measures the contact angle with a protractor. The corresponding experimental accuracy was ±1°. The results of the wettability tests for the studied core samples are listed in Table 3. Figure 2 also shows pictures of the contact angles for core samples 1 and 2 measured during the performed experiments. According to the obtained results, contact angles of the studied core samples vary in the range of 6.57–36.12, which corresponds to predominately hydrophilic wettability characteristics. Contact angles are measured to be less than 60 degrees for 0.9% sodium chloride solution and fracturing fluids. This indicates the shale is hydrophilic. The measurements of wettability characteristics of shale are consistent with the previous literature. The accuracy of the experimental results is further proved [19].





3. Foaming Agent Type and Quantification of Sensitivity to Concentration


3.1. Foaming Agent Type


The foaming property, stability, and liquid-carrying capacity of the foaming agent were measured by Roche foam meter. Foam stability was characterized by foam half-life time T1/2.



To differentiate foaming agents, a comprehensive foaming index E was introduced to accurately characterize foaming agent properties. By definition, this index is the product of bubble volume V0 and half-life T1/2 [22,23,24].


  E =  V 0  ×  T  1 / 2    











Testing of the foaming agents was performed under various conditions. The effects of temperature, pressure, salinity, surface tension, and liquid-carrying capacity on its performance were studied. Table 4 shows the foaming characteristics of two surfactants, HY-3K and UT-18, which demonstrated the highest values of the foaming index E and were selected for the field applications. These agents were stable at a temperature of 150 °C and pressure of 12 MPa, and also demonstrated good foaming ability at a salinity of 200,000 mg/L (200,000 ppm).




3.2. Quantitative Evaluation of the Impact of Concentration of the Foaming Agent on Rock Permeability


Permeability tests were carried out using five cores to evaluate the impact of the foaming agent solution, prepared with HY-3K and UT-18 agents, on the rock’s permeability. To reveal their impact on the cores, 0%, 0.2%, 0.3%, 0.4%, and 0.5% of the studied surfactants were mixed with simulated formation water. Test accuracy and reliability were guaranteed following the core column pressure attenuation method (ISPP).



The experimental steps and principles are as follows:




	(1)

	
A grinder and sandpaper were used to polish the core end face, measure the length L and diameter D of shale, dry the shale core column at 100 °C, and then measure the effective porosity φ of shale samples by the gas (helium) expansion method.




	(2)

	
The shale core was put into the core holder, the confining pressure was increased to 9 MPa, and the valve was opened to fill in nitrogen with a pressure of 6.8 MPa (1000 psi). After the gas pressure stabilized, the valve was closed, and the outlet valve of the downstream chamber was opened, and then a small amount of gas was released. We then measure the relationship between the upstream chamber pressure pu and downstream chamber pressure pd with pressure, and then calculate the permeability of the core column. During the whole permeability test process, the data acquisition and the corresponding solution processing were all completed by the software of the instrument.









According to the data on Table 5 and Figure 3, penetration of the studied foamed fluids into the core samples resulted when the concentration of foaming agent was 0.4–0.5%; the damage rate was the lowest, and the overall damage degree was 26.8–45%. The obtained data can be explained by the simultaneous impact of the two following potential mechanisms. First, foaming agents could be adsorbed on pore surface which could plug shale pores, and this process caused a reduction in core permeability. Second, injected surfactants reduced the capillary pressure in pores and mitigated water lock, this reduced the intrusion of working fluids and increased permeability. Due to the two effects, the rate of permeability damage from the foaming agent solutions remained at a relatively low level [25,26,27].



Foaming agent HY-3K reduced the capillary pressure by decreasing the interfacial tension and modifying the contact angle, as shown in Figure 4. The contact angles were measured as 88.4 degrees after treatment from surfactants in comparison to 38.3 degrees without treatment.





4. Damage Characteristics of Foaming Agent Solution to Shale Reservoir


4.1. Experimental Procedure


Permeability damage was quantified using results of the filtration experiments. The filtration experiments were performed using core samples 25 mm in diameter and 45 mm in length, solutions of the selected surfactants, and a fracturing fluid. The fracturing fluid has a viscosity of 2.5–3.0 mPas at 170 s−1. A nuclear magnetic resonance (NMR) setup, model Mini-MR was employed for the quantitative evaluation of damage of nano-porous throat systems. In these studies, NMR T2 spectra were recorded to determine fluid distribution in the cores. Then, the fluid distribution in the samples soaked in solutions of foaming agents were compared with fluid distributions in the original samples. NMR measurements were performed at a magnetic field of 0.5 T, pulse frequency range of 1–30 MHz, and resolution of 0.01 MHz. Additionally, the echo time Te was 0.27 ms, waiting time Tw was 4000 ms, the number of echo periods Nech was 6000, the number of scans Ns was 64, and the pulse width is divided into 90° pulse width (P1 = 22) and 180° pulse width (P2 = 40), correspondingly. The NMR setup was calibrated before every test to ensure accurate and reliable measurements [28,29,30,31].



Experimental methods: Rock samples were put into beakers and the damage degree of fracturing fluid and bubble drainage fluid were calculated by measuring core NUCLEAR magnetic resonance T2 spectrum under different conditions. The specific test steps were as follows [32].



	(1)

	
After centrifuging the core, we placed the core in an incubator and heated it to 105 °C for 48 h, then removed it and measured the dry weight and size of the core.




	(2)

	
Dry core was placed in simulated fracturing fluid and heated to 110 °C (simulated formation temperature) in a constant temperature bath.




	(3)

	
In order to conform to the actual situation on site, the core was first placed in a beaker for the imbibition experiment of fracturing fluid. The imbibition experiment was carried out at a constant temperature of 80 °C for 12 h, and then the T2 relaxation time spectrum of the core was measured.




	(4)

	
After the above experimental steps were completed, the cores were placed in simulated formation water with different concentrations of foaming agents (0.2%, 0.4%, 0.6%, 0.8%, and 1.0%) to imbibe for 12 h, and the T2 relaxation time spectra of the cores were measured.




	(5)

	
After the above experimental steps were completed, the experimental steps (1)–(3) were repeated. The optimal concentration of foam discharge agent solution was imbibed at 110 °C for 12 h, 24 h, 36 h, 48 h, and 72 h, respectively, and then the T2 relaxation time spectrum of the core was measured.








4.2. Results and Discussion


According to the actual production situation, four core samples were put into fracturing fluid using the nuclear magnetic resonance method to meet the premise of fracturing before production, and then the damage evaluation experiment of the foam drainage agent was carried out. The microscopic damage rates of different pores were determined under a series of foaming concentrations and experimental times. Then, we analyzed the damage-affecting factors of foaming agent solutions and their trends. Afterwards, the microscopic damage mechanism of the foaming agent solution to shale reservoir was obtained [33,34,35,36,37].



According to the NMR results, the T2 spectrum ranges from 0.01 to 10,000.0 ms, with typical bimodal characteristics of shale formations. Theoretically, the transverse relaxation time T2 is linearly proportional to the pore radius RC. Pore types are classified according to the T2 values of some authors, that is, pores are divided into three categories: small, medium, and large, with T2 ranges of 0–10 ms, 10–100 ms, and greater than 100 ms, respectively.



Figure 5 shows T2 spectra of core samples 1, 2, 3, and 4 at different concentrations of foaming agent UT-18.



Figure 6 shows the damage rates variation with increasing foaming concentration for different cores.



Permeability injury rate is:


  a =    A o  −  A i     A o    × 100 %  








where a is injury rate, %; A0 is the core permeability before the foaming agent solution damages, Ai is the permeability of the core after being damaged by foaming agent solution.



From Figure 7, the overall damage rate curves showed a V-shape and differed for different concentrations. The damage rate was minimized at a concentration range of 0.4–0.6%. With the increase of concentration, the damage rate tends to increase [38,39].



To evaluate and analyze the damage caused by different concentrations of foaming agent solution to the reservoir is to analyze the influence of the relationship between the interfacial tension, caused by the change of foaming agent solution concentration, and the seepage damage of pores with different diameters in the rock. At the same time, there will also be an optimal interfacial tension to minimize the spontaneous imbibition damage of shale. The influence of interfacial tension on spontaneous imbibition includes imbibition force and flow resistance. The increase of interfacial tension will increase capillary force and improve imbibition force. However, if the interfacial tension increases, it will also become the seepage resistance due to the change of pore size and liquid deformation. Similarly, the greater the interfacial tension is, the greater the adhesion work is [40].



From Figure 7a in minor pores, the shale damage rate remained at a minimum level at a concentration range of 0.4–0.6%. The damage rate was inconsistent with the overall damage rate, indicating that minor pores took up the majority of pore types. The capillary pressures of minor pores were relatively large which caused high seepage velocity. This cut-off of fluid flow in macro pores caused residual fluids. The larger the interfacial tension was, the more volume of residual fluids. Then, the fluid flow speed decreased caused by the Jamin effect from the residual fluids. In this way, damage was accumulated.



For medium and macro pores in Figure 7b,c, the damage rates were close to the overall damage rates. The absence in damage was confirmed at some ranges of concentrations, where the phenomenon of permeability acceleration was determined. This could result from the displacement of fluids in macro pores to minor pores by capillary pressures. The response from different pore sizes indicated that interfacial tension played a greater role in medium and macro pores than that in minor pores [41].



Under the optimal concentration of foaming agent solutions, the influence of soaking time on reservoir damage was studied on multiple cores. The T2 spectra are shown in Figure 8.



Figure 9 shows the damage rates for different rock cores with increasing times. The overall damage rate increased but later decreased. At the time of 72 h, all samples reached saturation imbibition except core 4.



Figure 10 shows the damage rates of different pore sizes. For minor pores, initially, it significantly increased and then remained constant at 36 h. For medium pores, it increased slower than in the minor pores and remained constant at 48 h. For macro pores, the damage rate slightly increased over a relatively long period. For cores 3 and 4, significant increases were found for the residual time. The damage rate trend of macro pores was between that of minor and medium pores [42,43].





5. Conclusions


	(1)

	
The components of the local shale were determined to be quartz, carbonate, and feldspar by a descending content sequence. Clay minerals primarily included illite, chlorite, kaolinite, and illite-smectite interlayer, where illite took up the largest portion. The damage to the shale reservoir was possibly caused by the high content of clays. Nitrogen adsorption tests on multiple cores determined the BET-specific surface areas of 1.81~11.43 m2/g with a mean of 5.22 m2/g. The total pore volume of BJH ranged from 0.0095 to 0.03 mL/g with a mean of 0.0203 mL/g, and an average pore diameter range of 9.79~18.87 nm with a mean of 14.81 nm. The contact angle was between 6.57 and 36.12 degrees. This confirmed the wettability of the shale as primarily hydrophilic. The foaming agent increased the contact angle of fluids and decreased the capillary pressure.




	(2)

	
Foaming agents were selected by a primary screening and based on temperature, pressure, salinity, surface tension, and liquid-carrying capacity. We selected the two most suitable agents, i.e., HY-3K and UT-18. They could adapt a temperature of 150 °C, a pressure of 12 MPa, and a salinity of 200,000 mg/L or more.




	(3)

	
The shale damage rate was measured to be 26.8–45% from sensitivity tests under different foaming concentrations. The damage rate curves generally showed a V-shape, where the minimum damage was in the concentration range of 0.4–0.5%.




	(4)

	
All samples were soaked with slick water and later applied to damage tests with foaming agents. This conformed to the practical fracturing operation. A typical double-peak characteristic of shale was determined in the T2 spectra. The pore dimensions were confirmed to be in a nanometer order.




	(5)

	
Measurements of overall damage rate were conducted under different foaming concentrations. A minimum shale damage rate was determined at the concentration range of 0.4–0.6%. The effects of foaming solutions on damage were studied by investigating the damage in spontaneous imbibition, which was influenced by interfacial tension for different pores. An optimal interfacial tension was determined to reach the minimized damage in spontaneous imbibition. Minor pores were the major pore type because their damage rate was consistent with the total damage rate. For medium and macro pores, the damage rates were close to the overall damage rates. An absence in damage was confirmed at some concentration ranges, where permeability acceleration was found.




	(6)

	
The damage rate gradually increased as the soaking time increased. Initially, it increased significantly and then remained constant for the residual experimental time. The damage rates remained constant at 72 h, 48 h, and 36 h for macro, medium, and minor pores, respectively. For macro pores, the damage rate gradually increased throughout the experiment.
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Figure 1. Nitrogen adsorption curves for core samples. (a) Core sample 1; (b) Core sample 2. 
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Figure 2. Pictures taken during contact angle measurements for core samples 1 (a) and 2 (b) using 0.9% NaCl. 
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Figure 3. Permeability damage rate curves of five cores with different foaming agent concentrations. 
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Figure 4. Contact angle for core 3 before (a) and after (b) exposure to the foaming agent solution prepared using agent HY-3K (mass concentration 0.4%). 
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Figure 5. T2 spectrums of four rock samples under different concentrations of foaming agent solutions. (a) Rock sample 1; (b) Rock sample 2; (c) Rock sample 3; (d) Rock sample 4. 
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Figure 6. Permeability damage rate changes with the increase of foam concentration. 
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Figure 7. Damage rates of various pores with increasing foaming concentrations. (a) Minor pore; (b) Medium pore; (c) Macro pore. 






Figure 7. Damage rates of various pores with increasing foaming concentrations. (a) Minor pore; (b) Medium pore; (c) Macro pore.



[image: Energies 15 05768 g007]







[image: Energies 15 05768 g008 550] 





Figure 8. T2 spectra of different rock samples under different soaking periods. (a) Rock sample 1; (b) Rock sample 2; (c) Rock sample 3; (d) Rock sample 4. 
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Figure 9. Overall damage rates of different rock samples under different action times of foaming agent solutions. 
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Figure 10. Damage rate curves of varying pore sizes of rock samples under different action times. (a) Minor pore; (b) Medium pore; (c) Macro pore. 
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Table 1. Mineral composition of the studied rock samples defined using X-ray diffraction.
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	Core
	Depth
	Quartz/Mass%
	Potassium Feldspar/Mass%
	Plagioclase/Mass%
	Calcite/Mass%
	Dolomite/Mass%
	Pyrite/Mass%
	Clay Mineral/Mass%





	Core sample 1
	727 m
	20.1
	2.4
	5.5
	10.2
	17.5
	3.7
	40.6



	Core sample 2
	729 m
	36.7
	
	11.8
	7.4
	17.0
	15.9
	11.2



	Core sample 3
	731 m
	41.0
	
	5.3
	
	16.0
	
	37.7



	Core sample 4
	732 m
	34.8
	
	11.2
	3.6
	17.0
	2.4
	31.0



	Core sample 5
	733 m
	50.3
	4.6
	13.8
	5.0
	7.1
	2.6
	16.6



	Core sample 6
	734 m
	40.6
	4.1
	12.5
	2.2
	8.8
	4.6
	27.2



	Core sample 7
	735 m
	27.8
	
	9.8
	
	10.9
	5.3
	46.2



	Core sample 8
	736 m
	37.9
	3.0
	13.4
	6.6
	
	
	39.1



	Core sample 9
	746 m
	22.2
	3.9
	8.9
	9.7
	4.6
	4.2
	46.5



	Core sample 10
	748 m
	35.3
	6.0
	16.6
	
	15.1
	3.4
	23.6
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Table 2. Pore characteristics of the studied rock samples obtained using isothermal nitrogen adsorption.
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Cores

	
Depth

	
BET Specific Surface/m2/g

	
BJH Total Pore Volume/mL/g

	
Average Hole Diameter/nm






	
Core sample 1

	
727 m

	
4.1649

	
0.021169

	
17.6092




	
Core sample 2

	
729 m

	
2.7028

	
0.012983

	
17.3485




	
Core sample 3

Core sample 4

	
731 m

	
11.4310

	
0.027764

	
9.7878




	
6.8263

	
0.030032

	
15.2298




	
Core sample 5

Core sample 6

	
732 m

	
6.3211

	
0.024285

	
14.3835




	
4.3914

	
0.019982

	
15.8772




	
Core sample 7

	
733 m

	
7.6815

	
0.029040

	
13.4212




	
Core sample 8

Core sample 9

	
734 m

	
8.4609

	
0.021433

	
10.1659




	
5.2295

	
0.022778

	
15.4011




	
Core sample 10

	
735 m

	
4.0763

	
0.018618

	
15.3115




	
Core sample 1

Core sample 2

	
736 m

	
3.8855

	
0.015886

	
14.3734




	
5.2343

	
0.020566

	
14.2955




	
Core sample 3

	
746 m

	
1.8111

	
0.009460

	
18.8684




	
Core sample 4

	
748 m

	
4.7837

	
0.021600

	
15.9722




	
2.6987

	
0.012352

	
15.9204
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Table 3. Results of the wettability tests for the studied rock samples.
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Core Number

	
Experimental Condition

	
Experimental Temperature/°C

	
Experimental Pressure/MPa

	
Stabilization Time/Min

	
Contact Angle (°)

	
Wettability Type






	
No. 15

	
25,000 mg/L 0.9% NaCl

	
60.0

	
18.0

	
10.0

	
6.57

	
hydrophilic




	
No. 16

	
60.0

	
18.0

	
10.0

	
36.12

	
hydrophilic
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Table 4. Properties of the selected foaming agents.
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Name of the Agent

	
HY-3K

	
UT-18




	
Item

	






	
Appearance

	
Light yellow liquid

	
yellow liquid




	
Density

	
1.07

	
1.05




	
Foaming agent concentration

	
0.4%

	
0.4%




	
Water surface tension at surfactant

concentration of 0.4% (mN/m)

	
21.7~26.6

	
29.5~31.2




	
Form half-life time (s)

	
610

	
570




	
Foam composite index (mL·s)

	
1,140,700

	
1,159,510




	
Liquid carrying capacity (mL/min)

	
9.12

	
9.00




	
The effect on that stability of CO2 foam discharge agent

	
No significant impact

	
No significant impact
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Table 5. Damage test of different concentrations of foaming agents to core permeability.
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Core Number

	
Surfactant%

	
Initial Permeability to

N2/μD

	
Permeability Reduction after Solution Displacement by Surfactant,% (HY-3K)

	
Permeability Reduction after Solution Displacement by Surfactant,% (UT-18)






	
1

	
0.0

	
23.4

	
70.02

	
75.81




	
0.2

	
17.6

	
43.16

	
45.58




	
0.3

	
23.0

	
27.56

	
29.13




	
0.4

	
37.6

	
25.82

	
28.02




	
0.5

	
29.2

	
26.80

	
28.15




	
2

	
0.0

	
15.4

	
65.30

	
71.25




	
0.2

	
16.6

	
38.16

	
41.32




	
0.3

	
21.2

	
22.56

	
24.05




	
0.4

	
19.6

	
20.82

	
24.91




	
0.5

	
17.5

	
21.80

	
24.12




	
3

	
0.0

	
13.7

	
71

	
78.50




	
0.2

	
15.6

	
44.16

	
48.51




	
0.3

	
21.1

	
28.56

	
32.61




	
0.4

	
14.6

	
26.82

	
31.53




	
0.5

	
13.2

	
27.80

	
31.64




	
4

	
0.0

	
13.4

	
64.03

	
70.32




	
0.2

	
15.1

	
37.16

	
40.35




	
0.3

	
13.0

	
21.56

	
24.44




	
0.4

	
14.8

	
19.82

	
23.36




	
0.5

	
12.3

	
20.80

	
23.48




	
5

	
0.0

	
23.4

	
61.70

	
68.30




	
0.2

	
17.6

	
34.86

	
38.30




	
0.3

	
23.0

	
19.27

	
22.40




	
0.4

	
37.6

	
17.53

	
21.30




	
0.5

	
29.2

	
18.51

	
21.40
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