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Abstract: Injectability of the polymer solution is a very important factor that determines the effec-
tiveness of polymer flooding for enhanced oil recovery. Here, the medium and low permeability oil
reservoir was taken as a research object, and effects of relative molecular weight, concentration and
core permeability on the flow and injection performance of a partially hydrolyzed polyacrylamide
(HPAM) solution with and without anionic-nonionic surfactant (ANS) were studied by indoor out-
crop core physical model experiments. It was found that the influence of HPAM concentration on
the flow performance was related to the core permeability. When the core permeability was lower
than 59 mD, the resistance factor and residual resistance factor of HPAM increased with increasing
the concentration. High molecular weight and low core permeability were not conducive to the
injectability of HPAM solutions. The addition of ANS was beneficial in enhancing the injectability of
HPAM solution by reducing the critical value of injectability of HPAM solution, which was elucidated
by the Hall curve derivative method. In the presence of ANS, the flow pressure gradient and the
residual resistance factor of the HPAM solution decreased. It is believed that the injectability of
HPAM solution improved by ANS in the medium and low permeability reservoirs can be attributed
to decrease in fluid viscosity and competitive adsorption on the surface of porous media. The study
provides a new idea and theoretical basis for improving the injectability of an HPAM solution and
the application of polymer flooding and a polymer/surfactant binary flooding system in medium
and low permeability reservoirs.

Keywords: partially hydrolyzed polyacrylamide; anionic-nonionic surfactant; injectability; hall curve
derivative method; medium and low permeability; competitive adsorption

1. Introduction

After decades of research and field testing, polymer flooding has developed into a
very mature oil displacement technology in tertiary oil recovery [1,2]. In this technology, a
macromolecular polymer solution is used as an oil displacement agent. A certain amount
of polymer is added into the injected water to increase the viscosity of the displacing phase.
The mobility ratio of the displacing phase and the displaced phase is improved, and the oil
recovery efficiency is increased by enlarging the swept volume [3–5]. It has been verified
that polymer flooding can further improve oil recovery up to 20% of original oil in place
(OOIP) over the waterflooding under suitable conditions [6–8].

The premise of successful application of polymer flooding in the oil reservoir depends
on the injectability of the polymer solution. At present, polymer flooding is mainly used in
conventional oil reservoirs, and is rarely used in medium and low permeability ones. This
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is mainly because the entanglement of polymer macromolecular chains can cause plugging
near the wellbore during injection [9,10]. During the injection process of the polymer
fluid, due to the adsorption of the polymer and the entrapment of the porous medium,
part of the polymer molecular segment stays in the pore structure of the formation. The
adsorption is a result of interaction between polymer chains and rock surfaces such as Van
der Waals attraction, hydrogen bonding and electrostatic interaction [11]. The entrapment
is caused by the trapping of large polymer molecules in small pore throats [12]. The two
effects result in reduction of the flow cross-section of the pore, or even blockage, which
reduces the formation permeability. Meanwhile, increase in the displacement fluid viscosity
also increases the flow resistance in the low permeability part of the oil layer [13]. Due
to the long-term exploitation of the oilfield, the permeability of the bottom-hole oil layer
decreases, resulting in a rapid increase in the injection pressure during the polymer dis-
placement process. With the gradual increase of the polymer injection volume, the injection
capacity in the polymer injection well declines, which is manifested as excessive injection
pressure, insufficient injection volume, and more frequent acidizing and plugging removal
measures [14,15]. Therefore, how to effectively improve the injectability of polymers in oil
reservoirs, especially in medium and low permeability reservoirs, is of great significance
for the application of polymer flooding.

Researchers have done much work on the improvement of polymer injectivity [16]. It
was postulated that a low molecular weight polymer could be selected with no injectivity
issues, but a higher dosage of polymer was used to meet a viscosity requirement which
negatively increases economic cost [17]. Partially hydrolyzed polyacrylamide (HPAM) is a
commonly used chemical agent in polymer flooding [18]. It has been reported that HPAM
shows sensitivity to mechanical degradation due to irreversible scission of molecular back-
bones when the polymer chains rupture when the strain rate beyond a critical point [19].
Ghosh et al. [20] reported that shear degradation and filtration could be used as preprocess-
ing tools for successful injection of HPAM into carbonate reservoirs. Al Shakry et al. [21]
thought that the mechanical degradation during HPAM reinjection is closely related to
parameters such as characteristics of the porous media, flow rate, geometry, and polymer
exposure time to the porous media. Al Hashmi et al. [22] have investigated mechanical
degradation during the flow of high molecular weight HAPM through stainless capillaries
with different lengths and found that the degradation of HPAM starts to increase above
15,000 s−1 due to the effect of shear in the capillaries. Sorbie et al. [23] proposed a kinetic
model for HPAM degradation which was used to obtain the radial viscosity profile of the
degrading polymer. However, the consequences of shear degradation near the wellbore on
polymer injectivity needs to be verified by field-scale trials [24,25]. In summary, previous
studies have mainly focused on enhancing the injectability of polymers through polymer
degradation, while other means of enhancing the injectability of polymers are lacking.

At present, parameters such as injection pressure, viscosity retention rate, plugging
ability, and the residual resistance factor are usually used to evaluate the injection ability
of polymers during chemical flooding [26]. Among them, the empirical value of the
residual resistance factor is the most used parameter to evaluate the injection capacity
of the polymers [27]. When the residual resistance factor exceeds 10, it is considered
that the polymer injection pressure is high, and the injection ability is poor. The critical
point of residual resistance factor is determined based on the experience of the actual field
polymer injection difficulty [28]. This empirical method lacks theoretical basis and has
the shortcomings of chance and large errors. Moreover, it cannot be guaranteed that the
empirical value is applicable to all reservoirs. The Hall curve was originally proposed for
single-phase flow, steady-state and radial flow of Newtonian liquids. The method was
proposed by Hall in 1963 [29], and the approximate analytical method was proposed by
Bull et al. in 1990 [30] when the Hall curve method was introduced into the effect evaluation
of tertiary oil recovery. The principle is that the injection well injects different fluids, and
the Hall curve diagram presents different straight-line segments. The slope of each line
segment was obtained by using curve piecewise regression. The slope term reflects the
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seepage resistance in each injection stage, and its variation range reflects the effectiveness
of polymer injection [31].

In order to clarify the influencing factors of HPAM injectability and improve its in-
jectability, we took the medium and low permeability oil reservoir as an example and
studied the molecular weight, concentration, core permeability and anionic-nonionic sur-
factant (ANS) on HPAM fluidity and injectability through indoor outcrop core physical
modeling experiments. Based on the Hall curve derivative method, the dominant fac-
tors affecting the injectability of HPAM in medium and low permeability reservoirs were
identified. The mechanism of ANS improving the injectability of HPAM solution is dis-
cussed in detail. The study provides reference for the application of polymer flooding and
polymer/surfactant binary flooding system in medium and low permeability reservoirs.

2. Materials and Methods
2.1. Materials

Six long square cross section sandstone outcrop cores (Figure 1) were obtained from
an medium and low permeability oil reservoir block. Basic parameters including length,
diameter, permeability (k) and porosity (ϕ) are presented in Table 1. Test methods for k and
ϕ are shown in Section 2.2.
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Figure 1. Photos of outcrop cores used (# is the symbol representing the core number).

Table 1. Petrophysical properties of core samples.

Sample No. Length, cm Section Size, cm k, ×10−3 µm2 ϕ, %
# 1 29.87 4.49 × 4.35 33 17.3
# 2 29.80 4.35 × 4.49 47 17.5
# 3 29.83 4.53 × 4.42 59 17.9
# 4 30.08 4.53 × 4.47 74 18.1
# 5 30.12 4.48 × 4.51 96 19.1
# 6 29.31 4.52 × 4.43 110 19.9

# is the symbol representing the core number.

HPAM solutions with two kinds of relative molecular weights were selected as injected
fluid. The relative molecular weights of HPAMs are 8.0 × 106 (low relative molecular weight
HPAM, LW-HPAM) and 1.2 × 107 (high relative molecular weight HPAM, HW-HPAM),
respectively. The surfactant used in the experiments was anionic-nonionic surfactant (ANS),
and the surface tension was 33.4 mN·m−1 in pure water at 25 ◦C. HPAMs and ANS samples
were all supplied by China Petrochemical Corporation and used as received. The viscosity
was measured using a Brookfield DV-II+Pro Rotational Viscometer (USA). Synthetic for-
mation water was prepared to have a salinity of 19,847 mg·L−1. The compositions of the
formation water are listed in Table 2.
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Table 2. Compositions of simulated formation water.

Compositions (mg·L−1)
Total Salinity (mg·L−1)

Na+, K+ Ca2+ Mg2+ SO4
2– Cl− HCO3

–

6.786 756 27 4 11,347 927 19,847

2.2. Fluid Flow Tests

The outcrop core was placed in a core holder and evacuated, then the water-phase
permeability and porosity of the core were determined by saturating water. The pore
volume of the core was determined by dividing the weight difference between water
saturated and dry core by the water density. The porosity was calculated as the ratio of the
pore volume to the core volume. The water-phase permeability of the core was measured
by conducting simulated formation water flow through the core at different flow rates
according to Darcy’s Law.

Flow tests were carried out inside a temperature control box at 85 ◦C. For each test,
the process was conducted as follows. First, the cores were injected with the simulated
formation water until the pressure drop across the core was stable. Then, in the same way,
polymer solution was injected and then extended brine injection. In the entire flow process,
the injection rate of all fluids was set to be 0.3 mL/min. The pressure drop across the core
during the injection process was monitored using a digital pressure gauge to determine
the flow resistance. All the tests were conducted horizontally. After each test, the polymer
retained in the core was flushed with isopropanol, and then the isopropanol was flushed
with simulated formation water to restore the initial permeability of the core as much as
possible. The experimental set-up is shown in Figure 2. The synthetic formation water,
polymer solution and isopropanol were packed in different intermediate containers.
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The resistance factor (RF) and the residual resistance factor (RRF) were estimated to
study permeability reduction. RF is defined as the ratio of the polymer solution mobility to
the water mobility before polymer injection. RRF is defined as the ratio of the extended
water mobility after polymer injection to the water mobility before polymer injection. RF
and RRF are calculated as follows:

RF =
∆P of polymer flow

∆P of initial formation water flow
(1)

RRF =
∆P of extended formation water flow

∆P of initial formation water flow
(2)

where ∆P is the stable pressure drop across the core in the flow of the liquid. RRF describes
the rock resistance to the flow of water injected subsequent to the polymer solution, and
provides a quantitative indication of permeability reduction, which is useful to control
water fingering during to the water injection after the polymer flooding.
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2.3. Hall Derivative Method

The Hall curve is established based on the Newtonian fluid theory of percolation.
When the waterflooding is carried out to a certain extent, the water injection amount and
the injection pressure reach a stable state, and the flow of the injected water is a stable
seepage state. According to seepage mechanics, the relationship between injection volume
and bottom hole pressure is explained by the expression formula of formation pressure of
plane radial flow [32].

(1) Based on the flow tests and data in (Section 2.2), we used the following formula to
calculate the Hall integral corresponding to the ith data point:

Ih,i =
n

∑
i=2

(∆ti·
Pi−1 + Pi

2
) (3)

where, Ih,i is the Hall integral at the ith data point (I ≥ 2); MPa·min, ∆ti is the time
interval between the i−1th data point and the ith data point, min; Pi−1 is the injection
pressure at the i−1th data point, MPa; Pi is the injection pressure at the i-th data
point, MPa; and n is the total number of data points.

(2) Based on the calculation result of step (1), drawing the curve of the Hall integral
versus the cumulative injection amount, the Hall curve was obtained.

(3) We used the following formula to calculate the Hall derivative:

f (I h,i) =
Ih,i − Ih,i−1

Qi − Qi−1
(4)

where, f (Ih,i) is the Hall derivative at the i-th data point (I ≥ 2), MPa·min·mL−1; Ih,i−1
is the Hall integral at the i1th data point, MPa·min; Qi is the cumulative injection
volume at the ith data point, mL; and Qi−1 is the cumulative injection volume at the
i1th data point, mL.

(4) Based on the calculation result of step (3), a curve of Hall derivative versus cumulative
injection amount was drawn, then the Hall derivative curve was obtained.

The relationship curves of the Hall derivative with the permeability of the core under
different polymer concentrations were drawn. According to the mutation position of the
Hall derivative in the polymer flooding stage, the inflection point was determined. The
RRF value corresponding to the permeability at the inflection point was considered as the
critical point (cRFF) of the polymer injection ability. If the RRF value of the polymer was
higher than the critical point, this indicates that the polymer solution is difficult to inject
into the reservoir. Conversely, the polymer solution can be injected smoothly.

3. Results and Discussion
3.1. Flow Performance of HPAM Solutions in Medium and Low Permeability Cores

The application of a polymer in tertiary oil recovery operations is mainly determined
the ability to control mobility. However, high temperature and high salinity of the reservoir
always results in ineffective polymer ability. Polymer adsorption in the oil reservoir is
desirable to some extent, since it reduces the area open to flow and reduces the effective
permeability, thus improving the mobility ratio and increasing oil production [33]. Polymer
adsorption may occur when polymer molecules interact with the solid surface, adhering to
grain surfaces by physical forces such as van der Waals forces. Polymer adsorption can be
measured dynamically by injecting the polymer solution in a core.

The pressure gradient changes of different concentrations of LW-HPAM flowing in the
medium and low permeability cores are shown in Figure 3. When injecting the LW-HPAM
solution, the pressure gradient rises rapidly. When injected to a certain PV, the pressure
gradient tends to be stable, and a pressure plateau appears. During extended water flow,
the pressure gradient decreases rapidly and gradually reaches stability. The stable pressure
gradient during extended water flow is higher than that during initial water flow. The
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pressure gradient gradually increases with increasing the injection of polymer solutions,
indicating that the permeability is reduced by injecting polymers. Moreover, as the core
permeability decreases, the stable pressure gradient of LW-HPAM increases during the
flow process. The concentration of LW-HPAM has little effect on the pressure gradient.
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The mobility of HW-HPAM in medium and low permeability cores is similar to that
of LW-HPAM, as shown in Figure 4. The difference is that the stable pressure gradient of
HW-HPAM is larger than that of LW-HPAM.

The resistance factor and residual resistance factor of HPAM (LW-HPAM and HW-
HPAM) ae shown in Figures 5 and 6. With the decrease of core permeability, both of
the resistance factor and residual resistance factor of HPAM significantly increased. The
influence of HPAM concentration on the resistance factor and residual resistance factor
is related to the core permeability. When the core permeability was higher than 59 mD,
the HPAM concentration had little effect on the resistance factor and residual resistance
factor. When the core permeability was lower than 59 mD, the resistance factor and residual
resistance factor of HPAM increased with increasing the concentration. Moreover, the
resistance factor and residual resistance factor of HW-HPAM are higher than those of
LW HPAM.
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Figure 4. Pressure gradient (ΔP) as a function of pore volume (PV) of injected in HW-HPAM flow 
in different permeability cores. (a) 0.8 g⋅L−1, (b) 1.5 g⋅L−1, (c) 2.3 g⋅L−1 and (d) 3.0 g⋅L−1. 
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for LW-HPAM solution on the concentration in different permeability cores.
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Figure 6. The dependence of (a) the resistance factor (RF) and (b) the residual resistance factor (RRF)
for HW-HPAM solution on the concentration in different permeability cores.

Generally, the resistance of polymers flowing in porous media mainly comes from
two effects: interception and adsorption. The resistance factor reflects the permeability
reduction of porous media induced by both of polymer interception and adsorption, and
the residual resistance factor reflects the permeability reduction of porous media induced by
polymer adsorption. Consequently, the resistance factor is always higher than the residual
resistance factor for polymer flow. Macromolecular polymers are always intercepted by
pore constrictions when the size of molecular aggregates is larger than the pore constric-
tions. This has a considerable effect on permeability reduction owing to the blockage of
pore throats. A polymer with a higher molecular weight (HW-HPAM) forms larger size
aggregates. Therefore, HW-HPAM is more easily intercepted by the pore throat, especially
in small size pores (low permeability reservoirs).

Polymer adsorption can be described by the average thickness of the adsorbed layer
on the sand grains, as given in the following Equation [34,35]:

e = r·(1 − 1
RFF1/4 ) (5)

where e is the average hydrodynamic adsorbed layer thickness (µm), RRF is the residual
resistance factor at the steady stage, and r is the average pore radius (µm) for formation
water flow, which can be calculated by the following Equation [36]:

r= (
8k
ϕ
)1/2 (6)

where k is the water-phase permeability of porous media (µm2), and ϕ is the porosity (%).
The above results indicate that the capacity of HPAM with higher molecular weight

is stronger in permeability reduction. The permeability reduction is due to a decrease in
free volume for flow and is mainly caused by adsorption or interception of polymers. The
main component of the core used in the experiments is quartz (silicon dioxide, SiO2); much
hydroxyl is formed on the surface of SiO2 in the aqueous solution. Hydrogen bonding and
van der Waals forces occur between HPAM molecules and sandstone [37,38]. Therefore, a
certain amount of HPAM adsorbs to the pore wall of the core. Moreover, benefiting from
the longer molecular length and higher molecular weight of HW-HPAM, the adsorbed layer
thickness is larger than that of LW-HPAM, which is confirmed by e values in Table 3. This
indicates that the adsorption capacity of HW-HPAM is stronger than that of LW-HPAM.
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Table 3. Flow test summary and adsorption parameters of 3.0 g·L−1 HPAM with and without
3.0 g·L−1 ANS in the core with a permeability of 33 mD.

System RF RFF r (µm) e (µm)

LW-HPAM 35 12.4 1.24 0.58
HW-HPAM 46 16.1 1.24 0.62

LW-HPAM/ANS 34 11.2 1.24 0.56
HW-HPAM/ANS 44 14.7 1.24 0.60

3.2. Effect of ANS on the Flow Performance of HPAM Solutions in Medium and Low Permeability Cores

The composite system of a water-soluble polymer and a surfactant has attracted much
attention in practical applications. The coexistence of surfactants and polymers often re-
sults in unique properties and functions that are often superior to either pure component
system [39]. Therefore, it is extremely important to study the interaction between polymers
and surfactants. Especially in oilfield development, polymer/surfactant binary composite
flooding has an excellent recovery effect [40]. As an oil displacement method, the poly-
mer/surfactant binary composite system can maximize the viscoelasticity of the polymer
and control the fluidity. The low interfacial tension properties of surfactants allow the
displacing fluid to reach residual oil in rock crevices. Therefore, the polymer/surfactant
binary composite flooding system can not only expand the swept volume of the oil dis-
placement agent but also improve oil washing efficiency [41]. Anionic-nonionic surfactants
have the advantages of both nonionic and anionic surfactants. They are more and more
popular due to their mildness, safety, easy biodegradation and multifunctionality [42]. In
this study, the anionic-nonionic surfactant ANS was selected as an influencing agent to
combine with HPAM.

In the presence of 3.0 g·L−1 ANS, the pressure gradient changes of different con-
centrations of LW-HPAM and HW-HPAM flowing in the medium and low permeability
cores are shown in Figures 7 and 8, respectively. The variation of the pressure gradient of
HPAM/ANS with the number of injected PVs was similar to that of HPAM. The difference
is that the stable pressure gradient of LW-HPAM/ANS was lower than that of LW-HPAM,
and the stable pressure gradient of HW-HPAM/ANS was lower than that of HW-HPAM.
Correspondingly, the resistance factor and residual resistance factor of LW-HPAM/ANS
and HW-HPAM/ANS were lower than those of LW-HPAM and HW-HPAM, as shown in
Figures 9 and 10. The resistance factor and residual resistance factor of HW-HPAM/ANS
were still higher than those of LW-HPAM/ANS. For example, in the core with a perme-
ability of 33 mD, the resistance factor and residual resistance factor of HPAM with and
without ANS are as shown in Table 3. In the presence of ANS, the adsorption capacity of
the LW-HPAM and HW-HPAM on the core pore wall was weakened, as shown in Table 3.
This is mainly due to the preferential adsorption of ANS on the rock surface relative to
HPAM. The lower resistance factor of the HPAM/ANS composite system indicates that the
aggregates formed by the combination of HPAM and ANS does not increase in size. Hence,
no more molecular aggregates were captured by the pore throats.

3.3. Injection Performance of HPAM Solutions in Medium and Low Permeability Cores

When different fluids were injected into the formation, the slope of the Hall curve was
different in different injection stages, and the slope of each stage reflected the mobility of
the injected fluid in the formation at that stage. Based on the Hall curve Formula (3) and the
experimental data of the polymer injection tests, the Hall curves of HPAM with different
concentrations in different permeability cores were obtained, as shown in Figures 11 and 12.
During the polymer injection stage, the slope of the Hall curve was greatest.
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Figure 7. Pressure gradient (∆P) as a function of pore volume (PV) of injected in LW-HPAM/ANS
flow in different permeability cores. (a) 0.8 g·L−1, (b) 1.5 g·L−1, (c) 2.3 g·L−1 and (d) 3.0 g·L−1.
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Figure 9. Dependence of (a) the resistance factor (RF) and (b) the residual resistance factor (RRF) 
for LW-HPAM/ANS solution on the LW-HPAM concentration in different permeability cores. 
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cANS = 3.0 g·L−1.
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Figure 9. Dependence of (a) the resistance factor (RF) and (b) the residual resistance factor (RRF) 
for LW-HPAM/ANS solution on the LW-HPAM concentration in different permeability cores. 
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Figure 10. Dependence of (a) the resistance factor (RF) and (b) the residual resistance factor (RRF)
for HW-HPAM/ANS solution on the HW-HPAM concentration in different permeability cores.
cANS = 3.0 g·L−1.

Energies 2022, 15, x FOR PEER REVIEW 11 of 19 
 

 

0.5 1.0 1.5 2.0 2.5 3.0

10

20

30

40

50

60
RF

c/g⋅L−1

(a)  33 mD   47 mD   59 mD  
 74 mD   96 mD   110 mD

 

0.5 1.0 1.5 2.0 2.5 3.0
0

5

10

15

20

RR
F

c/g⋅L−1

(b)  33 mD   47 mD   59 mD  
 74 mD   96 mD   110 mD

 
Figure 10. Dependence of (a) the resistance factor (RF) and (b) the residual resistance factor (RRF) 
for HW-HPAM/ANS solution on the HW-HPAM concentration in different permeability cores. 
cANS = 3.0 g⋅L−1. 

3.3. Injection Performance of HPAM Solutions in Medium and Low Permeability Cores 
When different fluids were injected into the formation, the slope of the Hall curve 

was different in different injection stages, and the slope of each stage reflected the mobil-
ity of the injected fluid in the formation at that stage. Based on the Hall curve formula (3) 
and the experimental data of the polymer injection tests, the Hall curves of HPAM with 
different concentrations in different permeability cores were obtained, as shown in Fig-
ures 11 and 12. During the polymer injection stage, the slope of the Hall curve was 
greatest. 

0 200 400 600 800
0

500

1000

1500

2000

2500

Extended water injectionLW-HPAM injection

(a)

H
al

l i
nt

eg
ra

l/M
Pa

⋅m
in

V/mL

 33 mD   47 mD
 59 mD   74 mD
 96 mD   110 mD

  Water 
injection

 

0 200 400 600 800
0

500

1000

1500

2000

2500

LW-HPAM injection

(b)

H
al

l i
nt

eg
ra

l/M
Pa

⋅m
in

V/mL

 33 mD   47 mD
 59 mD   74 mD
 96 mD   110 mD

Extended water injection
  Water 
injection

 

0 200 400 600 800
0

500

1000

1500

2000

2500

LW-HPAM injection

(c)

H
al

l i
nt

eg
ra

l/M
Pa

⋅m
in

V/mL

 33 mD   47 mD
 59 mD   74 mD
 96 mD   110 mD

Extended water injection
  Water 
injection

 

0 200 400 600 800
0

500

1000

1500

2000

2500

LW-HPAM injection

(d)

H
al

l i
nt

eg
ra

l/M
Pa

⋅m
in

V/mL

 33 mD   47 mD
 59 mD   74 mD
 96 mD   110 mD

Extended water injection
  Water 
injection

 
Figure 11. Hall curves of different concentrations of LW-HPAM under different permeability core
conditions. V: Cumulative injection. (a) 0.8 g·L−1, (b) 1.5 g·L−1, (c) 2.3 g·L−1 and (d) 3.0 g·L−1.
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Figure 12. Hall curves of different concentrations of HW-HPAM under different permeability core 
conditions. V: Cumulative injection. (a) 0.8 g⋅L−1, (b) 1.5 g⋅L−1, (c) 2.3 g⋅L−1 and (d) 3.0 g⋅L−1. 
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As shown in Figure 13, the Hall derivative of HPAM decreased with the increase in
permeability, indicating that when the same amount of HPAM was injected, the higher
the permeability, the lower the required displacement pressure. Moreover, for different
concentrations of polymers, the Hall derivatives varied in magnitude with permeability,
and an inflection point occurred at a certain value. Taking LW-HPAM with a concentration
of 3.0 g·L−1 as an example, when the permeability was less than 65 mD, the Hall derivative
had a steep decline. When the permeability was greater than 65 mD, the Hall derivative
has a gentle decline. This means that when the core permeability was lower than 65 mD, a
larger injection pressure was required for LW-HPAM injection. When the core permeability
was higher than 65 mD, a smaller injection pressure was required for LW-HPAM injection.
The lower limit of permeability for this molecular weight polymer to match was 65 mD.
This concentration of LW-HPAM was easier to inject in reservoirs with permeability greater
than 65 mD. The critical point (cRFF) of LW-HPAM injection ability is shown in Figure 14.
The higher the polymer concentration, the larger the critical point for the residual resistance
factor. This means that increasing the LW-HPAM concentration reduces its injectability in
medium and low permeability reservoirs. For HW-HPAM, a similar phenomenon occurs
with the variation of core permeability and concentration. The difference is that the critical
point of HM-HPAM is higher than that of LM-HPAM at the same condition. The higher the
relative molecular mass of the polymer and the longer the molecular chain, the easier it
is for the polymer molecules to entangle together in the aqueous solution. At a constant
core permeability and polymer concentration, as the polymer molecular weight increases,
the hydrodynamic size of the polymer solution increases, and the injection pressure of the
system increases gradually. When the polymer flows in the core, there is also a critical
value of molecular weight. Polymers with larger molecular weight than the critical value
are difficult to inject. This critical value is the upper limit of the molecular weight of the
polymer that can pass through a core of this permeability. Previous studies have shown
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that when the ratio of the pore radius of the rock to the mean square radius of gyration
of the polymer molecules in the solution is greater than 5, the phenomenon of blocking
the rock pores due to the excessive polymer molecules generally does not occur [43]. A
high molecular weight polymer increases the system viscosity and expands the sweep
coefficient, but also reduce its injectability in medium and low permeability reservoirs.
Therefore, these two contradictory aspects need to be comprehensively considered when
selecting polymers for enhanced oil recovery.
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3.4. Effect of ANS on the Injection Performance of HPAM Solutions in Medium and Low
Permeability Cores

In the presence of 3.0 g·L−1 ANS, the Hall curves of LW-HPAM and HW-HPAM
with different concentrations in different permeability cores were obtained, as shown in
Figures 15 and 16. Similar to the Hall curve of a single HPAM, during the HPAM/ANS
composite system flow phase, the slope of the Hall curve was higher than that in initial
water injection and extended water injection. Variations of the Hall derivative at different
permeability cores under flow of polymer/surfactant composite system are shown in
Figure 17. The Hall derivative of HPAM/ANS decreased with increasing core permeability.
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(c) 2.3 g⋅L−1 and (d) 3.0 g⋅L−1. 
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Figure 17. Variation of the Hall derivative of (a) LW-HPAM/ANS and (b) HW-HPAM/ANS with 
core permeability at different polymer concentrations. cANS = 3.0 g⋅L−1. 

Taking 3.0 g⋅L−1 LW-HPAM/3.0 g⋅L−1 ANS as an example, the permeability inflec-
tion point was 63 mD. This indicates that the LW-HPAM/ANS composite was easy to in-
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63 mD, a higher injection pressure is required, meaning that the LW-HPAM/ANS com-
posite system is difficult to inject. For the 3.0 g⋅L−1 HW-HPAM/3.0 g⋅L−1 ANS composite, 
the permeability inflection point was 65 mD.  

The critical point of HPAM/ANS injection ability is shown in Figure 14. The higher 
the polymer concentration in HPAM/ANS composite, the larger the critical point for the 
residual resistance factor. Increasing the polymer concentration reduces the injectability 
of HPAM/ANS composite in medium and low permeability reservoirs. More important-
ly, the critical point for the residual resistance factor of HPAM/ANS composite was low-
er than that of HPAM, either LW-HPAM or HW-HPAM. This indicates that ANS can 
enhance the injectability of HPAM in medium and low permeability reservoirs. 

3.5. Mechanism of Improving HPAM Injectability by Anionic-Nonionic Surfactant 
A higher viscosity of the polymer solution leads to a higher injection pressure dur-

ing the injection process. In addition, the retention (capture and adsorption) of polymer 
macromolecules in the porous media further increases the injection pressure. The above 
experimental results show that ANS can effectively improve the injectability of poly-

Figure 16. Hall curves of HW-HPAM/ANS at different concentrations of HW-HPAM under different
permeability core conditions. V: Cumulative injection, cANS = 3.0 g·L−1. (a) 0.8 g·L−1, (b) 1.5 g·L−1,
(c) 2.3 g·L−1 and (d) 3.0 g·L−1.



Energies 2022, 15, 6866 15 of 19

Energies 2022, 15, x FOR PEER REVIEW 15 of 19 
 

 

0 200 400 600 800
0

500

1000

1500

2000

2500

HW-HPAM/ANS injection

(c)

H
al

l i
nt

eg
ra

l/M
Pa

⋅m
in

V/mL

 33 mD   47 mD
 59 mD   74 mD
 96 mD   110 mD

Extended water injection
  Water 
injection

 

0 200 400 600 800
0

500

1000

1500

2000

2500

HW-HPAM/ANS injection

(d)

H
al

l i
nt

eg
ra

l/M
Pa

⋅m
in

V/mL

 33 mD   47 mD
 59 mD   74 mD
 96 mD   110 mD

Extended water injection
  Water 
injection

 
Figure 16. Hall curves of HW-HPAM/ANS at different concentrations of HW-HPAM under differ-
ent permeability core conditions. V: Cumulative injection, cANS = 3.0 g⋅L−1. (a) 0.8 g⋅L−1, (b) 1.5 g⋅L−

1, (c) 2.3 g⋅L−1 and (d) 3.0 g⋅L−1. 

20 40 60 80 100 120
0

2

4

6
(a)

H
al

l d
er

iv
at

iv
e/

(M
Pa

⋅m
in

⋅m
L-1

)

k/mD

cLW-HPAM/g⋅L-1

 0.8
 1.5
 2.3
 3.0

 

20 40 60 80 100 120
0

2

4

6
(b)

H
al

l d
er

iv
at

iv
e/

(M
Pa

⋅m
in

⋅m
L-1

)

k/mD

cHW-HPAM/g⋅L-1

 0.8
 1.5
 2.3
 3.0

 
Figure 17. Variation of the Hall derivative of (a) LW-HPAM/ANS and (b) HW-HPAM/ANS with 
core permeability at different polymer concentrations. cANS = 3.0 g⋅L−1. 
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core permeability at different polymer concentrations. cANS = 3.0 g·L−1.

Taking 3.0 g·L−1 LW-HPAM/3.0 g·L−1 ANS as an example, the permeability inflection
point was 63 mD. This indicates that the LW-HPAM/ANS composite was easy to inject in
reservoirs with permeability lower than 63 mD. When the permeability exceeded 63 mD,
a higher injection pressure is required, meaning that the LW-HPAM/ANS composite
system is difficult to inject. For the 3.0 g·L−1 HW-HPAM/3.0 g·L−1 ANS composite, the
permeability inflection point was 65 mD.

The critical point of HPAM/ANS injection ability is shown in Figure 14. The higher
the polymer concentration in HPAM/ANS composite, the larger the critical point for the
residual resistance factor. Increasing the polymer concentration reduces the injectability of
HPAM/ANS composite in medium and low permeability reservoirs. More importantly,
the critical point for the residual resistance factor of HPAM/ANS composite was lower
than that of HPAM, either LW-HPAM or HW-HPAM. This indicates that ANS can enhance
the injectability of HPAM in medium and low permeability reservoirs.

3.5. Mechanism of Improving HPAM Injectability by Anionic-Nonionic Surfactant

A higher viscosity of the polymer solution leads to a higher injection pressure during
the injection process. In addition, the retention (capture and adsorption) of polymer
macromolecules in the porous media further increases the injection pressure. The above
experimental results show that ANS can effectively improve the injectability of polymers.
Here, the mechanism of ANS reducing HPAM injection pressure and improving injectability
are discussed.

The viscosity of HPAM solutions increases with increasing the concentration, as shown
in Figure 18. High concentration enhances the entanglement and aggregation of macro-
molecule chains. Viscosity increases significantly with increasing degree of entanglement.
The curve slope of HW-HPAM is higher than that of LW-HPAM. The dependence of the
viscosity with respect to the concentration is more pronounced in HW-HPAM compared
to LW-HPAM. This indicates that the thickening ability of HW-HPAM solution is stronger
than that of LW-HPAM solution. The molecular weight of HW-HPAM is about 1.5 times
higher than that of LW-HPAM, and the molecular length of HW-HPAM is longer as a
consequence. In concentrated polymer solutions, the viscosity is highly dependent upon
the molecular weight. The viscosity increases with increasing the molecular weight. In the
concentration range (0.8~3.0 g·L−1), some molecular aggregates are formed in solutions.
The viscosity of HPAM solutions is greatly influenced by these molecular aggregates. The
hydrodynamic length of HW-HPAM molecular aggregate is higher than that of LW-HPAM.
Therefore, HPAM with high higher molecular weight and longer hydrodynamic length of
molecular aggregates has a higher viscosity and is easier to be captured by narrow pore
throat of porous media. After adding ANS, the viscosity of both LW-HPAM and HW-HPAM
showed a decreasing trend, as shown in Figure 18. It was thought that the ANS interacts
strongly with the HPAM at higher concentrations, destroying the aggregated structure of
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the HPAM in solution, reducing its hydrodynamic size, and thereby reducing the viscosity
of the aqueous solution. When the free anionic-nonionic surfactant concentration reaches
the critical micelle concentration, the oxygen-containing groups destroy the molecular
association structure of the polymer and reduce the structural viscosity of the system [44].
Consequently, from the perspective of reducing the viscosity of HPAM fluid, ANS can
reduce the injection pressure of HPAM.

Energies 2022, 15, x FOR PEER REVIEW 16 of 19 
 

 

mers. Here, the mechanism of ANS reducing HPAM injection pressure and improving 
injectability are discussed. 

The viscosity of HPAM solutions increases with increasing the concentration, as 
shown in Figure 18. High concentration enhances the entanglement and aggregation of 
macromolecule chains. Viscosity increases significantly with increasing degree of entan-
glement. The curve slope of HW-HPAM is higher than that of LW-HPAM. The depend-
ence of the viscosity with respect to the concentration is more pronounced in HW-
HPAM compared to LW-HPAM. This indicates that the thickening ability of HW-HPAM 
solution is stronger than that of LW-HPAM solution. The molecular weight of HW-
HPAM is about 1.5 times higher than that of LW-HPAM, and the molecular length of 
HW-HPAM is longer as a consequence. In concentrated polymer solutions, the viscosity 
is highly dependent upon the molecular weight. The viscosity increases with increasing 
the molecular weight. In the concentration range (0.8~3.0 g⋅L−1), some molecular aggre-
gates are formed in solutions. The viscosity of HPAM solutions is greatly influenced by 
these molecular aggregates. The hydrodynamic length of HW-HPAM molecular aggre-
gate is higher than that of LW-HPAM. Therefore, HPAM with high higher molecular 
weight and longer hydrodynamic length of molecular aggregates has a higher viscosity 
and is easier to be captured by narrow pore throat of porous media. After adding ANS, 
the viscosity of both LW-HPAM and HW-HPAM showed a decreasing trend, as shown 
in Figure 18. It was thought that the ANS interacts strongly with the HPAM at higher 
concentrations, destroying the aggregated structure of the HPAM in solution, reducing 
its hydrodynamic size, and thereby reducing the viscosity of the aqueous solution. 
When the free anionic-nonionic surfactant concentration reaches the critical micelle con-
centration, the oxygen-containing groups destroy the molecular association structure of 
the polymer and reduce the structural viscosity of the system [44]. Consequently, from 
the perspective of reducing the viscosity of HPAM fluid, ANS can reduce the injection 
pressure of HPAM. 

0.5 1.0 1.5 2.0 2.5 3.0
0

20

40

60

80
η/

m
Pa

⋅s

c/g⋅L−1

 LW-HPAM
 HW-HPAM
 LW-HPAM/ANS
 HW-HPAM/ANS

 
Figure 18. Dependence of viscosity (η) for aqueous HPAM solutions with and without ANS at 
anHPAM concentration (c) at the shear rate of 7.34 s−1. cANS = 3.0 g⋅L−1. T = 85 °C. 

Another important property of surfactants is the adsorption on the rock surface. It 
is believed that the hydrophobicity generated by the adsorption of surfactants on the 
rock surface has a great effect on reducing the injection pressure. This is because the hy-
drophobicity of the surfactant reduces the water attached to the rock surface and pores, 
and reduces the pressure generated by the attached water on the rock surface. Moreover, 
this also plays the role of reducing the blocking force of the capillary wall and expand-
ing the diameter of the capillary, which is beneficial for dredging the channel for fluid 
flow, especially in medium and low permeability reservoirs [45].  

Figure 18. Dependence of viscosity (η) for aqueous HPAM solutions with and without ANS at
anHPAM concentration (c) at the shear rate of 7.34 s−1. cANS = 3.0 g·L−1. T = 85 ◦C.

Another important property of surfactants is the adsorption on the rock surface. It
is believed that the hydrophobicity generated by the adsorption of surfactants on the
rock surface has a great effect on reducing the injection pressure. This is because the
hydrophobicity of the surfactant reduces the water attached to the rock surface and pores,
and reduces the pressure generated by the attached water on the rock surface. Moreover,
this also plays the role of reducing the blocking force of the capillary wall and expanding
the diameter of the capillary, which is beneficial for dredging the channel for fluid flow,
especially in medium and low permeability reservoirs [45].

After the polyacrylamide is hydrolyzed, the molecule is partially negatively charged.
Due to the positively charged adsorption sites on the surface of the clay part of the rock,
HPAM molecules gradually adsorb on the rock surface by electrostatic interaction. How-
ever, due to the large size of HPAM molecules, the diffusion rate to the solid-liquid interface
(rock surface) is low. When ANS is added to the HPAM solution, ANS molecules diffuse to
the rock surface faster because of its small molecular size, and preferentially occupy the
positive charge adsorption sites on the rock surface. Due to the limited positive charge of
the clay on the rock surface, the adsorbed surfactants prevent the HPAM molecules from
approaching the clay surface. Hence, when the HPAM/ANS composite system is injected
into the oil layer, the adsorption of the HPAM molecules on the rock surface is reduced due
to the competitive adsorption of the ANS. Additionally, due to the small attraction force
between ANS and HPAM, the adsorption amount of HPAM on the rock decreases, the flow
radius of the rock pores in the entire oil layer increases, and the injection pressure decreases.
Therefore, for the composite system, in order to reduce the adsorption and retention of the
polymer in the oil layer, the surfactant used should not only be able to preferentially adsorb
on the rock surface, but also not have a strong mutual attraction with the polymer.

4. Conclusions

In this study, flow tests in medium and low permeability cores were carried out
in the laboratory to study the injection performance of HPAM solutions. By comparing
and analyzing the dynamic changes of resistance factor and residual resistance factor
with and without ANS, the relationship between HPAM injectability and its molecular
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weight, solution concentration and core permeability were clarified based on the Hall curve
derivative method. This study provides the following conclusions:

(1) During the flow process, the HPAM concentration has little effect on the pressure
gradient. As the core permeability decreases, the stable pressure gradient of HPAM
increases. The capacity of HPAM with higher molecular weight in permeability
reduction is stronger with higher residual resistance factor.

(2) In medium and low permeability reservoirs, higher molecular weight increases the
viscosity of HPAM solution, but also reduces its injectability. Therefore, the sweep
coefficient and injectability need to be comprehensively considered when selecting
HPAM type for enhanced oil recovery.

(3) In the presence of ANS, the residual resistance factor and the injection critical point
of HPAM decrease, either for LW-HPAM or HW-HPAM. This confirms that ANS can
reduce HPAM injection pressure and enhance the injectability of HPAM in medium
and low permeability reservoirs.

(4) For interaction of ANS and HPAM, on the one side, ANS decreases the viscosity of the
HPAM aqueous solution while, on the other side, the adsorption capacity of HPAM on
the core pore wall is weakened due to the preferential adsorption of ANS on the rock
surface. Consequently, the adsorption and retention of the HPAM in the in medium
and low permeability reservoirs are reduced.

Author Contributions: Conceptualization, L.W.; methodology, J.W.; validation, Y.C.; investigation,
S.J.; data curation, Y.W.; writing—original draft preparation, L.W.; writing—review and editing, J.W.;
visualization, X.Q.; supervision, L.X. All authors have read and agreed to the published version of
the manuscript.

Funding: This research was funded by Postdoctoral Scientific Research Developmental Fund of
Heilongjiang Province China (Grant No. LBH-Z21084), Guiding Science and Technology Plan-
ning Project of Daqing (Grant No. zd-2021-36) and China Postdoctoral Science Foundation (Grant
No. 2022M710594).

Institutional Review Board Statement: Not applicable.

Informed Consent Statement: Not applicable.

Data Availability Statement: Data are available on request due to restrictions, e.g., privacy or ethical.
The data presented in this study are available on request from the corresponding author.

Conflicts of Interest: The authors declare no conflict of interest.

References
1. Sheng, J.J.; Leonhardt, B.; Azri, N. Status of polymer-flooding technology. J. Can. Pet. Technol. 2015, 54, 116–126. [CrossRef]
2. Xu, L.; Liu, S.; Qiu, Z.; Gong, H.; Fan, H.; Zhu, T.; Zhang, H.; Dong, M. Hydrophobic effect further improves the rheological

behaviors and oil recovery of polyacrylamide/nanosilica hybrids at high salinity. Chem. Eng. Sci. 2021, 232, 116369. [CrossRef]
3. Zhang, H.; Dong, M.; Zhao, S. Which one is more important in chemical flooding for enhanced court heavy oil recovery, lowering

interfacial tension or reducing water mobility? Energy Fuels 2010, 24, 1829–1836. [CrossRef]
4. Liang, X.; Shi, L.; Cheng, L.; Wang, X.; Ye, Z. Optimization of polymer mobility control for enhanced heavy oil recovery: Based on

response surface method. J. Pet. Sci. Eng. 2021, 206, 109065. [CrossRef]
5. Zhou, W.; Xin, C.; Chen, S.; Yu, Q.; Wang, K. Polymer-enhanced foam flooding for improving heavy oil recovery in thin reservoirs.

Energy Fuels 2020, 34, 4116–4128. [CrossRef]
6. Xu, L.; Xu, G.; Yu, L.; Gong, H.; Li, Y. The displacement efficiency and rheology of welan gum for enhanced heavy oil recovery.

Polym. Adv. Technol. 2015, 25, 1122–1129. [CrossRef]
7. Li, Y.; Xu, L.; Gong, H.; Ding, B.; Dong, M.; Li, Y. A microbial exopolysaccharide produced by Sphingomonas species for enhanced

heavy oil recovery at high temperature and high salinity. Energy Fuels 2017, 31, 3960–3969. [CrossRef]
8. Xu, L.; Qiu, Z.; Gong, H.; Zhu, C.; Dong, M. Synergy of microbial polysaccharides and branched-preformed particle gel on

thickening and enhanced oil recovery. Chem. Eng. Sci. 2019, 208, 115138. [CrossRef]
9. Seright, R.S. The effects of mechanical degradation and viscoelastic behavior on injectivity of polyacrylamide solutions. SPE J.

1983, 23, 475–485. [CrossRef]
10. Zhang, G.; Seright, R.S. Effect of concentration on hpam retention in porous media. SPE J. 2014, 19, 373–380. [CrossRef]

http://doi.org/10.2118/174541-PA
http://doi.org/10.1016/j.ces.2020.116369
http://doi.org/10.1021/ef901310v
http://doi.org/10.1016/j.petrol.2021.109065
http://doi.org/10.1021/acs.energyfuels.9b04298
http://doi.org/10.1002/pat.3364
http://doi.org/10.1021/acs.energyfuels.6b02923
http://doi.org/10.1016/j.ces.2019.07.056
http://doi.org/10.2118/9297-PA
http://doi.org/10.2118/166265-PA


Energies 2022, 15, 6866 18 of 19

11. Hirasaki, G.J.; Pope, G.A. Analysis of factors influencing mobility and adsorption in the flow of polymer solution through porous
media. SPE J. 1974, 14, 337–346. [CrossRef]

12. Farajzadeh, R.; Bedrikovetsky, P.; Lotfollahi, M.; Lake, L.W. Simultaneous sorption and mechanical entrapment during polymer
flow through porous media. Water Resour. Res. 2016, 52, 2279–2298. [CrossRef]

13. Shang, X.; Bai, Y.; Lv, K.; Dong, C. Experimental study on viscosity and flow characteristics of a clay-intercalated polymer. J. Mol.
Liq. 2021, 322, 114931. [CrossRef]

14. Wang, Z.; Le, X.; Feng, Y.; Zhang, C. The role of matching relationship between polymer injection parameters and reservoirs in
enhanced oil recovery. J. Pet. Sci. Eng. 2013, 111, 139–143. [CrossRef]

15. Chen, H.; Wang, Y.; Pang, M.; Fang, T.; Zhao, S.; Wang, Z.; Zhou, Y. In research on plugging mechanism and optimisation of plug
removal measure of polymer flooding response well in Bohai oilfield. In Proceedings of the International Petroleum Technology
Conference, Virtual, 23 March–1 April 2021.

16. Liu, H.; Yang, G.; Fangchao, L. In an overview of polymer broken down for increasing injectability in polymer flooding. In
Proceedings of the SPE Asia Pacific Oil and Gas Conference and Exhibition, Jakarta, Indonesia, 22–24 October 2013.

17. Jolma, I.W.; Strand, D.; Stavland, A.; Fjelde, I.; Hatzignatiou, D. When size matters—Polymer injectivity in chalk matrix. In
Proceedings of the 19th European Symposium on Improved Oil Recovery, Stavanger, Norway, 24–27 April 2017; pp. 1–11.

18. Jung, J.C.; Zhang, K.; Chon, B.H.; Choi, H.J. Rheology and polymer flooding characteristics of partially hydrolyzed polyacrylamide
for enhanced heavy oil recovery. J. Appl. Polym. Sci. 2013, 127, 4833–4839. [CrossRef]

19. Dupas, A.; Hénaut, I.; Rousseau, D.; Poulain, P.; Tabary, R.; Argillier, J.-F.; Aubry, T. In impact of polymer mechanical degradation
on shear and extensional viscosities: Towards better injectivity forecasts in polymer flooding operations. In Proceedings of the
SPE International Symposium on Oilfield Chemistry, Houston, TX, USA, 8–10 April 2013.

20. Ghosh, P.; Mohanty, K.K. Laboratory treatment of HPAM polymers for injection in low permeability carbonate reservoirs. J. Pet.
Sci. Eng. 2020, 185, 106574. [CrossRef]

21. Al-Shakry, B.; Skauge, T.; Shaker Shiran, B.; Skauge, A. Impact of mechanical degradation on polymer injectivity in porous media.
Polymers 2018, 10, 742. [CrossRef]

22. Al Hashmi, A.R.; Al Maamari, R.S.; Al Shabibi, I.S.; Mansoor, A.M.; Zaitoun, A.; Al Sharji, H.H. Rheology and mechanical
degradation of high-molecular-weight partially hydrolyzed polyacrylamide during flow through capillaries. J. Pet. Sci. Eng. 2013,
105, 100–106. [CrossRef]

23. Sorbie, K.S.; Roberts, L.J. In a model for calculating polymer injectivity including the effects of shear degradation. In Proceedings
of the SPE Enhanced Oil Recovery Symposium, Tulsa, OK, USA, 16–18 April 1984.

24. Sorbie, K.S. Polymer retention in porous media. In Polymer-Improved Oil Recovery; Sorbie, K.S., Ed.; Springer: Dordrecht, The
Netherlands, 1991; pp. 126–164.

25. Garrepally, S.; Jouenne, S.; Leuqeux, F.; Olmsted, P.D. In polymer flooding—Towards a better control of polymer mechanical degra-
dation at the near wellbore. In Proceedings of the SPE Improved Oil Recovery Conference, Virtual, 31 August–4 September 2020.

26. Seright, R.S. In how much polymer should be injected during a polymer flood? In Proceedings of the SPE Improved Oil Recovery
Conference, Tulsa, OK, USA, 11–16 April 2016.

27. Zhu, S.; Zhang, S.; Xue, X.; Zhang, J.; Xu, J.; Liu, Z. Influencing factors for effective establishment of residual resistance factor of
polymer solution in porous media. J. Polym. Res. 2022, 29, 210. [CrossRef]

28. Wang, X.; Ge, L.; Liu, D.; Zhu, Q.; Zheng, B. Experimental study on influencing factors of resistance coefficient and residual
resistance coefficient in oilfield Z. World J. Eng. Technol. 2019, 7, 270–281. [CrossRef]

29. Hall, H.N. How to analyze waterflood injection Well Performance. World Oil 1963, 157, 128–130.
30. Buell, R.S.; Kazeml, H.; Poettmann, F.H. Analyzing Injectivity off Polymer Solutions with the Hall Plot. SPE Reserv. Eng. 1990,

5, 41–46. [CrossRef]
31. Pasikki, R.; Pasaribu, H. In application of hydraulic stimulation to improve well injectivity. In Proceedings of the 14th Indonesia

International Geothermal Convention & Exhebition, Jakarta, Indonesia, 2–3 June 2014.
32. Ratnaningsih, D.R.; Danny, I.L. Waterflooding surveillance: Real time injector performance analysis using Hall plot method &

derivative. IOP Conf. Ser. Earth Environ. Sci. 2018, 212, 012074.
33. Leslie, T.; Xiao, H.; Dong, M. Tailor-modified starch/cyclodextrin-based polymers for use in tertiary oil recovery. J. Pet. Sci. Eng.

2005, 46, 225–232. [CrossRef]
34. Wever, D.A.; Picchioni, F.; Broekhuis, A.A. Comblike polyacrylamides as flooding agent in enhanced oil recovery. Ind. Eng. Chem.

Res. 2013, 52, 16352–16363. [CrossRef]
35. Wei, B. β-Cyclodextrin associated polymeric systems: Rheology, flow behavior in porous media and enhanced heavy oil recovery

performance. Carbohydr. Polym. 2015, 134, 398–405. [CrossRef] [PubMed]
36. Zaitoun, A.; Kohler, N. In Two-phase flow through porous media: Effect of an adsorbed polymer layer. In Proceedings of the SPE

Annual Technical Conference and Exhibition, Houston, TX, USA, 2–5 October 1988.
37. Dário, A.F.; Hortêncio, L.M.; Sierakowski, M.R.; Neto JC, Q.; Petri, D.F. The effect of calcium salts on the viscosity and adsorption

behavior of xanthan. Carbohydr. Polym. 2011, 84, 669–676. [CrossRef]
38. Petri, D.F.; de Queiroz Neto, J.C. Identification of lift-off mechanism failure for salt drill-in drilling fluid containing polymer filter

cake through adsorption/desorption studies. J. Pet. Sci. Eng. 2010, 70, 89–98. [CrossRef]

http://doi.org/10.2118/4026-PA
http://doi.org/10.1002/2015WR017885
http://doi.org/10.1016/j.molliq.2020.114931
http://doi.org/10.1016/j.petrol.2013.07.011
http://doi.org/10.1002/app.38070
http://doi.org/10.1016/j.petrol.2019.106574
http://doi.org/10.3390/polym10070742
http://doi.org/10.1016/j.petrol.2013.03.021
http://doi.org/10.1007/s10965-022-03066-7
http://doi.org/10.4236/wjet.2019.72018
http://doi.org/10.2118/16963-PA
http://doi.org/10.1016/j.petrol.2005.01.003
http://doi.org/10.1021/ie402526k
http://doi.org/10.1016/j.carbpol.2015.08.011
http://www.ncbi.nlm.nih.gov/pubmed/26428140
http://doi.org/10.1016/j.carbpol.2010.12.047
http://doi.org/10.1016/j.petrol.2009.10.002


Energies 2022, 15, 6866 19 of 19

39. Tam, K.C.; Wyn-Jones, E. Insights on polymer surfactant complex structures during the binding of surfactants to polymers as
measured by equilibrium and structural techniques. Chem. Soc. Rev. 2006, 35, 693–709. [CrossRef]

40. Chen, S.; Han, M.; AlSofi, A.M. Synergistic Effects between Different Types of Surfactants and an Associating Polymer on
Surfactant–Polymer Flooding under High-Temperature and High-Salinity Conditions. Energy Fuels 2021, 35, 14484–14498.
[CrossRef]

41. Jian-Xin, L.; Yong-Jun, G.; Jun, H.; Jian, Z.; Xing, L.; Xin-Ming, Z.; Xin-Sheng, X.; Ping-Ya, L. Displacement Characters of Combina-
tion Flooding Systems consisting of Gemini-Nonionic Mixed Surfactant and Hydrophobically Associating Polyacrylamide for
Bohai OffshoreOilfield. Energy Fuels 2012, 26, 2858–2864. [CrossRef]

42. Ma, T.; Feng, H.; Wu, H.; Li, Z.; Jiang, J.; Xu, D.; Meng, Z.; Kang, W. Property evaluation of synthesized anionic-nonionic gemini
surfactants for chemical enhanced oil recovery. Colloids Surf. A Physicochem. Eng. Asp. 2019, 581, 123800. [CrossRef]

43. Glasbergen, G.; Wever, D.; Keijzer, E.; Farajzadeh, R. In Injectivity Loss in Polymer Floods: Causes, Preventions and Mitigations.
In Proceedings of the SPE Kuwait Oil and Gas Show and Conference, Mishref, Kuwait, 11–14 October 2015.

44. Kondyurin, A.; Naseri, P.; Fisher, K.; McKenzie, D.R.; Bilek, M.M. Mechanisms for surface energy changes observed in plasma
immersion ion implanted polyethylene: The roles of free radicals and oxygen-containing groups. Polym. Degrad. Stab. 2009,
94, 638–646. [CrossRef]

45. Yu, H.; Xu, H.Y.; Fan, J.; Zhu, Y.; Wang, F.; Wu, H. Transport of shale gas in microporous/nanoporous media: Molecular to
pore-scale simulations. Energy Fuels 2021, 35, 911–943. [CrossRef]

http://doi.org/10.1039/b415140m
http://doi.org/10.1021/acs.energyfuels.1c01034
http://doi.org/10.1021/ef3002185
http://doi.org/10.1016/j.colsurfa.2019.123800
http://doi.org/10.1016/j.polymdegradstab.2009.01.004
http://doi.org/10.1021/acs.energyfuels.0c03276

	Introduction 
	Materials and Methods 
	Materials 
	Fluid Flow Tests 
	Hall Derivative Method 

	Results and Discussion 
	Flow Performance of HPAM Solutions in Medium and Low Permeability Cores 
	Effect of ANS on the Flow Performance of HPAM Solutions in Medium and Low Permeability Cores 
	Injection Performance of HPAM Solutions in Medium and Low Permeability Cores 
	Effect of ANS on the Injection Performance of HPAM Solutions in Medium and Low Permeability Cores 
	Mechanism of Improving HPAM Injectability by Anionic-Nonionic Surfactant 

	Conclusions 
	References

