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Abstract: CO2 injection to enhance shale oil recovery provides a win-win solution to meet the global
fuel shortage and realize ultimate carbon neutrality. When shale reservoirs contain high salinity
water, CO2 injection can result in salt precipitation to block the nanometer pores in the shale, causing
undesirable formation damage. Understanding salt precipitation and dissolution dynamics at the
nanoscale are fundamental to solving this practical challenge. In this work, we developed a shale
micromodel to characterize salt precipitation and dissolution based on nanofluidic technology. By
directly distinguishing different phases from 50 nm to 5 µm, we identified the salt precipitation sites
and precipitation dynamics during the CO2 injection. For the salt precipitation in the nanometer
network, we identified two precipitation stages. The ratio of the precipitation rates for the two stages
is ~7.9 times that measured in microporous media, because of the slow water evaporation at the
nanoscale. For the salt precipitation in the interconnected micrometer pores, we found that the CO2

displacement front serves as the salt particle accumulating site. The accumulated salt particles will
in turn impede the CO2 flow. In addition, we also studied the salt dissolution process in the shale
micromodel during water injection and found the classical dissolution theory overestimates the
dissolution rate by approximately twofold. This work provides valuable pore-scale experimental
insight into the salt precipitation and dissolution dynamics involved in shale formation, with the aim
to promote the application of CO2 injection for shale oil recovery.

Keywords: CCUS; CO2 injection; shale oil; microfluidics; salt precipitation

1. Introduction

The CO2 injection is a promising innovation to rejuvenate shale oil reservoirs after
primary production [1–3]. Given the nanometer pore sizes and ultra-low permeabilities
(down to nano-Darcy) of shale reservoirs [4,5], CO2 is able to improve the oil recovery
efficacy by its excellent mixability with oil, leading to oil swelling and oil viscosity reduc-
tion [6,7]. However, when the formation rocks consist of a large proportion of halite, the
shale formation water often contains high salinity, especially after hydraulic fracturing
with massive water injected [8]. A typical example of this type of shale reservoir is the one
discovered in the Qianjiang depression of the Jianghan basin in China, which is character-
ized by its multiple rhythmic layers of salt rock and gypsum [9]. Injecting CO2 into the
shale oil reservoir with high salinity water could result in salt precipitation blocking the
nanometer flow pathway in shale, resulting in undesirable formation damage similar to
asphaltene precipitation [10].

The salt precipitation in the porous media during CO2 injection has been widely stud-
ied for carbon sequestration and storage in saline aquifers [11,12]. The saline aquifer is fea-
tured by its large pore sizes (at 101–102 µm) [13] and high permeability (at 102–103 mD) [14].
By using core-flooding with CT scanning, previous studies have pointed out that salt pre-
cipitation in the saline aquifer can reduce formation permeability by up to three orders of
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magnitude [15–17]. Two types of salt precipitation in porous media have been identified,
including homogeneous and local salt precipitations. The homogeneous salt precipitation
is believed to cause minor damage to permeability as the pore size in the saline aquifer
is orders of magnitude larger than the size of the deposited salt particles. The local salt
precipitation, however, is regarded as the main reason to block the near-wellbore area
and leads to obvious permeability reduction [18]. Developing chemicals to minimize salt
precipitation is thus vital to protect reservoir permeability [19].

The shale reservoir is highlighted by its ultra-small pore sizes (mainly at 100–102 nm).
Thus, even the homogeneous salt precipitation could lead to significant porosity and
permeability reduction [20]. For example, salt precipitation has been recently found to
cause up to ~90% permeability reduction in tight formation rocks [21,22]. In addition, the
salt precipitation in nanometer pores has also been identified to reduce the mechanical
strength of shale [23]. At the nanometer pore scale, salt precipitation dynamics during CO2
injection remain largely unknown. The core flooding method is limited at the nanoscale to
understand the salt precipitation dynamics during CO2 injection. Even with the help of CT
scanning, characterizing salt precipitation in the nanometer pores of shale samples remains
challenging. Therefore, finding an alternative approach to provide nanometer pore-scale
insight into the salt precipitation in shale reservoirs is crucial.

Microfluidics has been used to characterize pore-scale salt precipitation dynamics
of CO2 injection in saline aquifers [24,25]. At the nanometer pore scale, researchers have
recently applied nanofluidics to study fluid fundamentals in shale reservoirs down to the
sub-10 nm scale, including hydrocarbon phase transitions [26,27] and fluid transport prop-
erties [28,29]. Fluid behaviors in nanometer pores are often found to deviate from bulk fluid
properties [28,30]. For the CO2 injections into shale oil reservoirs, a previous nanofluidic
study has identified immiscible and miscible flooding phenomena in a 60-nm network chip,
as well as huff-n-puff mechanisms [31]. Salt precipitation dynamics during CO2 injections
at the nanoscale have not yet been studied with nanofluidics, and remain obscure from
the experimental perspective. To fill this gap, we fabricated a multiscale (50 nm, 500 nm
and 5 µm) nanofluidic porous chip to study salt precipitation during the CO2 injection. We
identified the preferential precipitation scale during the CO2 injection. With image analysis,
we characterized the salt precipitation dynamics in the nanometer network and pores, and
found deviations to the salt precipitation dynamics in the micrometer porous media of
saline aquifers. In addition, we performed water injection after CO2 injection to dissolve
salt, and identified the dissolution dynamics in the nanometer network deviating from
classical dissolution theory. This work aims to provide the nanometer pore-scale insight of
salt precipitation during CO2 injections into shale oil reservoirs, from a fundamental and
experimental aspect.

2. Material and Methods

To provide a nanometer pore-scale physical micromodel of the shale reservoir, we
fabricated a nanofluidic chip considering three levels of pore features (Figure 1): (i) a 50-nm
deep interconnected network (fabricated as 52.7± 4.6 nm for the channel depth and 2 µm for
the channel width) to simulate the connected nanometer pores in shale matrix; (ii) a 500-nm
deep interconnected network (fabricated as 516.1± 9.8 nm for the channel depth and 20 µm
for the channel width) to simulate the nanometer natural fractures in shale; (iii) 5-µm deep
pores (fabricated as 5.1 ± 0.1 µm for the pore depth and approximately 100–300 µm for the
equivalent diameter on the chip surface) to simulate large dissolution pores in shale. For
all fabricated features, the depth of the feature is the governing dimension for the fluid
transport and salt precipitation. The width of the feature provides visibility to distinguish
different phases (CO2, water and salt) under the microscope. The nanoporous media flank
two main microchannels to supply testing fluids (salt solution, pure water and CO2). The
width of the entire nanoporous media is 2 mm. To fabricate the nanofluidic chip, we
repeated photolithography and reactive ion etching three times. After that, we performed
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anodic bonding and chip dicing. The detailed multiscale chip fabrication methods are
delineated in our previous work [32,33].
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Figure 1. Schematic and photos of the experimental setup and the nanofluidic chip.

The schematic of the experimental setup is shown in Figure 1. The fabricated nanoflu-
idic chip is mounted in a self-manufactured stainless-steel manifold to allow high tem-
perature and pressure tests. The metal manifold is then connected with pistons, syringe
pumps and gas cylinders perform the fluid injections. To simulate reservoir temperatures,
we connected a water bath to the manifold for circulating hot water, and measured the
experimental temperature by inserting thermocouples. In our experiments, the temper-
ature is controlled at 70 ± 1.2 ◦C for the entire chip, which is close to the shale reservoir
temperature. The experimental results are captured as images by the optical microscope
connected with a mounted digital camera.

3. Results and Discussion

To study salt precipitation during the CO2 injection in the nanoporous media. We
first vacuumed the chip for 1 h to remove the air initially in the chip. Then, we injected
the mixed salt solution (NaCl = 282.9 g/L, Na2SO4 = 10.6 g/L, CaSO4 = 1.6 g/L) into the
nanofluidic chip. The composition of salts in the mixed solution is formulated based on the
salinity analysis results of the produced water in four wells in the field. After salt solution
injection, the CO2 gas is injected at a constant 1 MPa pressure. The pressure is larger than
the maximum capillary pressure in the 50-nm deep network (~0.76 MPa). We defined
the moment when the gas bubble is observed in the porous media as t = 0 s. The salt
precipitation results are then recorded by the camera connected with the optical microscope,
as shown in Figure 2.

At the early stage of CO2 injection (~2 s), gas bubbles are generated in the 5-µm deep
pores without noticeable salt precipitation (Figure 2a). With the CO2 further injection, salt
contents start to nucleate in the 500-nm deep network (Figure 2b), and then in the 5-µm
deep pores (Figure 2c). The precipitated salt then grows and accumulates at both scales
with continuous CO2 injection. However, the salt solution in the 50-nm deep network
remains in the liquid phase for the entire CO2 injection process (Figure 2d).

3.1. Salt Precipitation Dynamics in the Nanometer Network

To quantify the salt precipitation dynamics in the 500-nm deep network, we performed
image analysis to extract the 500-nm network from the original images captured by the
microscope camera (Figure 3a). The extracted grayscale image sequence is then calculated
in MATLAB to quantify the precipitated salt in the 500-nm network. Three stages of the
salt precipitation in the 500-nm deep network are identified (Figure 3b). We defined the
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occupancy of the solid salt particles in the 500-nm deep network as a ratio between the
total volume of salt particles and the network (Figure 3a). In the first 1.6 s, CO2 injection
leads to negligible salt deposition, and water displacement and evaporation mainly happen
at this stage. After the salt concentration reaches saturation, salt precipitates fast in the
500-nm deep network (1.6 to 4.7 s) due to heterogeneous salt nucleation in the solution.
After 4.7 s, salt contents precipitate and deposit slowly in the 500-nm deep network due to
water evaporation.
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We used linear fit to estimate the salt participation rates of the latter two stages. In
the fast salt precipitation stage (1.6 to 4.7 s), the occupancy of solid salt particles grows at a
fitting rate of 9.1 ± 0.5%/s (R2 = 0.95) (Figure 3c). In the slow salt precipitation stage (after
4.7 s), the growth rate of the occupancy of solid salt particles is fitted at 0.37 ± 0.02%/s
(R2 = 0.89) (Figure 3d). Therefore, the salt precipitation rate in the fast salt precipitation
stage is ~24.6 times of the growth rate in the slow salt precipitation stage. We defined a
precipitation rate ratio I to quantify this difference (i.e., I = 24.6).

The three stages of the salt precipitation dynamics in porous media have also been
detected in a recent microfluidic study to identify CO2-injection-caused salt precipitation
in deep saline aquifers [34] The pore size in the literature is defined by the height of the
micropillars to be 25 µm. The salt growth rate in the fast salt precipitation stage is measured
to be ~3.1 times that of the slow salt precipitation stage (i.e., precipitation rate ratio I = 3.3).
The precipitation rate ratio in the microporous media is thus ~7.9 times lower than that
measured in our work. A potential reason for the large discrepancy between the two cases
is that the water evaporation rate at the nanoscale is much lower than that at the microscale.
The previous study indicates that the liquid evaporation rate (vg) in porous media can be
calculated by [33]:

vg =
Ps − Pv

RknRvis
Rkn+Rvis

+ Ri f
(1)
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where Ps is the saturation pressure of the liquid in porous media, Pv is the vapor partial
pressure in gas, Rkn is the Knudsen flow resistance defined by the Knudsen diffusion [35],
Rvis is the viscous flow resistance defined by the Darcy’s law, Ri f is the liquid-vapor
interfacial resistance defined by the Hertz-Knudsen equation [36]. Rkn, Rvis and Ri f for the
porous media consisting of slit pores are:

Rkn =
3ρmol

v τLv

4hϕ

√
2πRTM (2)

Rvis =
Lvµv

kv
(3)

Ri f =
ρv

a

√
2πRT

M
(4)

where ρmol
g is the molar density of vapor phase, τ is the tortuosity of the porous media, Lv

is the total length of the porous media, h is the height of a slit pore, ϕ is the porosity of the
porous media, R is the gas constant, T is the temperature, M is the molar mass, µv is the
vapor viscosity, kv is the permeability of the vapor in porous media, ρv is the density of the
vapor, a is a constant and in most cases equals 1. When the length of the porous media is
orders of magnitude larger than the pore size (e.g., the height of a slit pore), Ri f becomes
negligible [33], and the water evaporation rate is mainly governed by Rkn and Rvis. The
permeability of vapor in a porous media consisting of slit pores can be expressed as:

k =
ϕh2

12
(5)

Based on Equations (1)–(5), the liquid evaporation rate can be further expressed as:

vg = (Ps − Pv)

(
ϕh2

12Lvµv
+

4hϕ

3τρmol
v Lv

√
2πRTM

)
(6)

For qualitative comparison, we considered a straight channel (i.e., ϕ = τ = 1) and
assumed that the water vapor partial pressure in the gas phase is low (Pv ≈ 0) when the
CO2 pressure is high. Based on Equation (6), the minimum water evaporation rate in our
case (h = 500 nm, Lv = 2 mm, T = 343 K) is calculated to be ~5.5 times slower than the
minimum water evaporation rate in the literature (h = 25 µm, Lv ≈ 30 mm, T = 293 K) [34].
The difference in evaporation rates (5.5 times) contributes to the difference (7.9 times) in
the precipitation rate ratio between the two cases. Therefore, we deduced that in the
shale nanoporous media, slow salt precipitation caused by long-term CO2 injection is
less pronounced than that in the deep saline aquifer because of a much lower water
evaporation rate.

The precipitated salt from the fast salt precipitation stage contributes more significantly
to the total precipitated salt in the nanoporous media than in the microporous media. In our
case, we found that 23.9% volume of the 500-nm deep network is occupied by precipitated
salt after ~13 s of CO2 injection. At the fast salt precipitation stage, 20.3% of the network
volume is occupied by precipitated salt particles, contributing to ~85% of the total deposited
salt. In the literature [34], salt depositing at the fast salt precipitation stage contributes to
~77% of the total precipitated salt. The dynamics of the fast salt precipitation are governed
by nucleation. Previous research points out that heterogeneous nucleation has a much
lower nucleation energy barrier than homogenous nucleation [37]. In the porous media,
the pore surface provides favorable nucleation sites, and heterogeneous nucleation plays
a dominant role. As the surface-to-volume ratio scales with L, nanoporous media has a
much larger surface-to-volume ratio than microporous media, providing a higher density
of nucleation sites for heterogeneous nucleation. Therefore, salt prefers to precipitate early
in the shale nanoporous media due to heterogeneous nucleation.



Energies 2022, 15, 9567 6 of 14
Energies 2022, 15, x FOR PEER REVIEW 5 of 14 
 

 

 
Figure 3. Salt precipitation dynamics in the 500-nm deep network. (a) Image analysis to extract pre-
cipitated salt particles in the 500-nm deep network. (b) the occupancy of the salt particles in the 500-
nm deep network. The ratio is defined as the total volume of the precipitated salt divided by the 
total volume of the 500-nm deep network in the observation area. (c) Fast salt precipitation and its 
linear fitting result (slope = 9.1 ± 0.5, R2 = 0.95). (d) Slow salt precipitation and its linear fitting result 
(slope = 0.37 ± 0.02, R2 = 0.89). 

The three stages of the salt precipitation dynamics in porous media have also been 
detected in a recent microfluidic study to identify CO2-injection-caused salt precipitation 
in deep saline aquifers [34] The pore size in the literature is defined by the height of the 
micropillars to be 25 μm. The salt growth rate in the fast salt precipitation stage is meas-
ured to be ~3.1 times that of the slow salt precipitation stage (i.e., precipitation rate ratio 𝐼 = 3.3). The precipitation rate ratio in the microporous media is thus ~7.9 times lower 
than that measured in our work. A potential reason for the large discrepancy between the 
two cases is that the water evaporation rate at the nanoscale is much lower than that at 
the microscale. The previous study indicates that the liquid evaporation rate (𝑣௚) in porous 
media can be calculated by [33]: 𝑣௚ = 𝑃௦ − 𝑃௩𝑅௞௡𝑅௩௜௦𝑅௞௡ + 𝑅௩௜௦ + 𝑅௜௙ (1)

where 𝑃௦ is the saturation pressure of the liquid in porous media, 𝑃௩ is the vapor partial 
pressure in gas, 𝑅௞௡ is the Knudsen flow resistance defined by the Knudsen diffusion 
[35], 𝑅௩௜௦ is the viscous flow resistance defined by the Darcy’s law, 𝑅௜௙ is the liquid-va-
por interfacial resistance defined by the Hertz-Knudsen equation [36]. 𝑅௞௡, 𝑅௩௜௦ and 𝑅௜௙ 
for the porous media consisting of slit pores are: 𝑅௞௡ =  3𝜌௩௠௢௟𝜏𝐿௩4ℎ𝜑 √2𝜋𝑅𝑇𝑀 (2)

𝑅௩௜௦ = 𝐿௩𝜇௩𝑘௩  (3)

Figure 3. Salt precipitation dynamics in the 500-nm deep network. (a) Image analysis to extract
precipitated salt particles in the 500-nm deep network. (b) the occupancy of the salt particles in the
500-nm deep network. The ratio is defined as the total volume of the precipitated salt divided by the
total volume of the 500-nm deep network in the observation area. (c) Fast salt precipitation and its
linear fitting result (slope = 9.1 ± 0.5, R2 = 0.95). (d) Slow salt precipitation and its linear fitting result
(slope = 0.37 ± 0.02, R2 = 0.89).

During the relatively low-pressure CO2 injection (1 MPa), we realized that the 50-nm
deep network remains liquid-filled even through the gas pressure is larger than the capillary
pressure. We injected high-pressure CO2 (5 MPa) from the opposite main channel to validate
the connectivity of the 50-nm deep network and test the potential of salt precipitation at
the 50-nm scale. We found the salt solution in the 50-nm deep network is displaced by
CO2 due to a large pressure gradient. During the high-pressure gas injection, we still did
not detect salt particles nucleating and growing in the 50-nm deep network. A potential
reason is that salt nucleation is unfavorable at the 50-nm scale due to the energy barrier for
forming stable nuclei.

The classical nucleation theory [38] provides qualitative insight into the experimental
result. In the classical nucleation theory, the free energy change (∆G) of the nucleus
formation includes the free energy change due to the nucleus interface (∆Gs) and the free
energy change due to the nucleus volume (∆Gv):

∆G = ∆Gs + ∆Gv (7)

Here ∆Gs is positive and inhibits the nucleation, as the additional interfacial energy
generated by the nucleus is unfavorable in a thermodynamic system. ∆Gv is negative and
promotes the nucleation, because ions have lower chemical potential in the precipitated
salts (µn) compared to in solution (µs) at supersaturation. Equation (7) can be further
derived as a function of the nucleus radius (r):

∆G = 4πr2γ− 4πr3

3Vm
(µs − µn) (8)
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Here γ is the interfacial tension between nucleus and solution, Vm is the volume of
the unit cell in a bulk salt crystal. The schematic of the free energy of the nucleus changing
with nucleus radius is shown in Figure 4. A free energy change barrier (∆Gmax) exists for
nucleation, and the corresponding nucleus radius is the critical nucleus radius (rc):

rc =
2γVm

µs − µn
(9)
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When the radius of the initially precipitated salt nucleus is smaller than rc, the nucleus
will not grow into a salt crystal. In addition, the free energy change needs to be negative
(∆G < 0) for the growth of the nucleus to be thermodynamically favorable. Therefore, the
minimum stable nucleus radius (rs) is determined by ∆G = 0:

rs =
3γVm

µs − µn
(10)

The critical nucleus radius changes with the composition, concentration and supersat-
uration conditions [39]. As we used a mixed salt solution in our experiments, determining
the accurate salt nucleus size is challenging. The main composition of the simulated forma-
tion water is sodium chloride. The concentration of sodium chloride is close to saturation.
Therefore, we can use the critical nucleus radius of sodium chloride as a reference. In a pre-
vious experimental study, aqueous sodium chloride was introduced to carbon nanotubes,
and real-time electron microscopy at atomic resolution was used to detect the sodium
chloride nucleation and precipitation [40]. The size of a stable sodium chloride nucleus is
found to be on the order of several nanometers. Compared to the 500-nm deep network,
the 50-nm deep network is only one order of magnitude larger than the stable sodium
chloride nucleus size. The salt nucleus, once formed under perturbation, is less likely to be
large and stable in the 50-nm deep network compared to the 500-nm deep network due to
the confinement effect.

Another potential reason for the salt not precipitating in the 50-nm deep network dur-
ing high-pressure CO2 injection is that the salt solution was displaced by CO2 before water
evaporated to allow salt nucleation. We estimated that the minimum water evaporation rate
in the 500-nm deep network is ~14.7 times faster than that in the 50-nm deep network from
Equation (6). Since the CO2 displacing salt solution happened within a similar time-lapse
(~10 s) in both cases, the slow evaporation rate in the 50-nm deep network results in the
salt solution being displaced by CO2 before any nucleation could ever happen. In general,
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we believed that salt precipitation is unfavorable in the relatively small nanometer pores in
shale matrix because the minimum stable nucleus size approaches the confinement size,
and a large pressure gradient is needed to overcome the capillarity and flow resistance
during CO2 injection.

3.2. Salt Precipitation in the Micrometer Pores Connected by Nanometer Throats

During the CO2 injection at 1 MPa, we found that salt also precipitates at the connection
between the 500-nm deep network and 5-µm deep pores (Figure 5a). The precipitated salt
accumulates at the inlet of the pores. We performed image analysis to evaluate the salt
accumulation in three individual pores with 1, 2 and 3 inlets (Figure 5b). The three pores
(Pore1, 2 and 3, Figure 5a) are ~0.35, 1 and 1.74 mm from the CO2 injection main channel,
respectively. During the CO2 injection, the salt particles do not accumulate in the pore for
the first 2.7 s, which is 1.1 s later than the initiation of salt precipitation in the 500-nm deep
network. After that, the salt particles accumulate at a similar rate in all three pores, and
occupy a sector area at each inlet. The fast salt precipitation in the pore ends earlier when
the pore is closer to the CO2 injection main channel (Pore1 at 5.2 s, Pore2 at 6.1 s and Pore3
at 7.7 s, Figure 5b). Meanwhile, the area that salt particles occupy per inlet is smaller when
the pore is closer to the CO2 injection main channel (Pore1 at 514 µm2, Pore2 at 556 µm2

and Pore3 at 638 µm2, Figure 5b). From the experimental results, we deduced that the
pore endures a larger CO2 pressure drop when the pore is closer to the CO2 injection main
channel. The CO2 displaces salt solution faster in pores closer to the main channel, leading
to an earlier cease of salt precipitation in these pores, and thus less aggregated salt particles.
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dynamics in three pores.

Previous theoretical study of salt precipitation in porous media indicates that the
capillarity drives the water flowing towards the evaporation front, leading to salt accumu-
lation at the outlet of the porous media [11]. Similarly, in a previous experimental study,
researchers found that after drying the core initially saturated with brine, precipitated salt
is mainly found on the core surface [41]. In our case, when CO2 is injected into the 5-µm
deep pore through the nanochannel, the relatively large pore serves as an open space for
water to evaporate and salt to accumulate.

To further analyze the salt accumulation dynamics in pores, we performed the phase-
field simulation [42] to evaluate the gas chamber in the pore during CO2 injection, as shown
in Figure 6a. The 2D simulation captures the governing dimension (depth) of the channel
(500 nm) and pore (5 µm). We set the pore length as 100 µm, which is the magnitude of the
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equivalent diameter of the pore on the chip surface. In the simulation, there is also a 500-nm
outlet nanochannel for the solution to be displaced, which is not plotted in Figure 6a. We
chose the fluid properties, including viscosity, density and interfacial tension of CO2 and
salt solution at 70 ◦C and 1 MPa, and set the CO2 injection pressure as 1 MPa. It is noted that
during the experiment, we can only observe the salt precipitation from the top side of the
nanofluidic chip. The simulation applies the geometry of the governing dimension (depth).
We only used simulation results for qualitative analysis instead of quantitative comparison.
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and a 5-µm pore. The loci of the CO2-water interface are plotted by combing multiple frames of
simulation results. (b) Experimental results of precipitated salt accumulating at a pore inlet. The
precipitated salt is colored black for clarity.

The CO2 displacing salt solution produces a growing gas chamber, as shown in
Figure 6a. At the CO2-water interface, water evaporation causes salt precipitation and
accumulation. As the CO2 displacement front remains curved, the salt precipitation front
also grows in a curved shape and accumulates in a sector area (Figures 5a and 7b). In the
simulation, the effect of accumulated salt particles on the CO2 displacing salt solution is
not considered. Therefore, the center of the CO2-water interface moves the fastest during
the CO2 injection (Figure 6a), leading to a center-stretched arc profile. However, in the
experiment, we found that the salt accumulation rate at the center is lower than what we
expected from the simulation (Figure 6b). The salt accumulation front is actually a center-
compressed arc profile. Therefore, the accumulated salt particles at the pore inlet impede
CO2 flow rate severely. In addition, the simulation results indicate that an anchor point of
the interface exists during the CO2 displacing salt solution (Figure 6a). In the experiment,
the anchor point is also identified during the salt accumulation, further proving that salt
precipitation in pores mainly happens at the CO2-solution interface with CO2 injection.
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3.3. Salt Dissolution in the Nanoporous Media

We injected pure water into the salt-contaminated chip to study the salt dissolution
dynamics in the nanoporous media (Figure 7). The water injection is at constant pressure
(1 MPa), and water slowly dissolves salt particles in the 500-nm deep network. The salt
precipitation process takes ~13 s during the CO2 injection, but salt dissolution needs more
than 600 s at the same injection pressure (1 MPa). After injecting water for 625.7 s, the
occupancy of the solid salt particles in the 500-nm deep network reduces from an initial
27.3% to 6.2%. In the experiment, we did not record long enough to capture the moment
when all salt particles get dissolved because of the limited camera memory. We estimated
the time needed for salt dissolution in the 500-nm deep network to be ~1087 s by linearly
fitting the slow dissolution stage (Figure 7d). The duration of salt dissolution is 83.6 times
longer than the duration of salt precipitation. At 70 ◦C and 1 MPa, the water viscosity is
23.5 times larger than the CO2 viscosity. Therefore, the water flow rate in the 500-nm deep
network is much lower than the CO2 flow rate. The difference in flow rate contributes to
the discrepancy in the time required for salt precipitation and dissolution. The remaining
discrepancy (~3.6 times) should be caused by different governing mechanisms of salt
precipitation (governed by salt nucleation and water evaporation rate) and dissolution
(governed by ion hydration and diffusion).

The salt dissolution dynamics at bulk have been studied early [43], and is characterized
by the equation below:

V
dw
dt

= −Kw2/3(ws − w0 + w) (11)
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where V is the volume of solution, w is the weight of salt crystal at time t, K is a positive
constant relating to dissolution rate, ws is the weight of salt needed to saturate liquid phase
under given conditions, w0 is the weight of salt crystal at the beginning. In our case, the
pure water is continuously injected. We can assume the salt concentration in the solution is
small, and its change is negligible. The Equation (11) can be further simplified as [43]:

V
dw
dt

= −K1w2/3 (12)

where K1 is also a positive constant relating to dissolution rate, and is different from K. The
integration of Equation (12) with the initial condition (t = 0, w = w0) gives the expression
of salt crystal weight changing with time:

w =

(
w1/3

0 − K1t
3

)3
(13)

In our experiment, the weight of salt crystal is equivalent as the occupancy of the solid
salt particles in the 500-nm deep network. Based on Equation (13), the salt dissolution
dynamics is described as:

R =
(

R1/3
0 − K2t

)3
(14)

where K2 is also a positive constant relating to dissolution rate, and is different from K
and K1. By fitting the K2 with our experimental results, we found the classical dissolution
theory at bulk only predicts the early fast dissolution stage (t ≤ 120 s) in the nanoporous
media, as shown in Figure 7d. The dissolution process in the 500-nm deep network is
expected to take twice as long as the duration predicted by the classical theory (~480 s).
Therefore, in the nanoporous media, classical bulk dissolution theory could considerably
overestimate the actual dissolution rate.

The lower diffusion coefficient of hydrated ions in the nanoporous media potentially
causes the slow dissolution stage (t > 120 s) found in our experiment. Previous theoretical
studies often indicate that molecular diffusivity in confinement varies from its bulk value
when the confinement size reduces to serval times of the molecular diameter (i.e., sub-
10 nm) [44,45]. Experimental studies find that even at 102 nm confinement size, the
molecular diffusivity can be reduced significantly. For example, researchers used the
conical nanochannel with an orifice radius at 872 nm to measure the diffusivity of the FITC
fluorescent dye molecule (molecular diameter at ~2 nm) in confinement. They found that
the diffusivity of the FITC molecule reduces from 3.32 × 10−7 cm2/s in bulk solution to a
minimum of 4.61 × 10−8 cm2/s in confinement [46]. Here the diameters of the hydrated
sodium ion and the hydrated chloride ion are ~0.7 nm [47]. The inference is that, for the
salt dissolution in the 500-nm network, the initial fast dissolution (t ≤ 120 s) is governed
by the hydration of ions, while the later slow dissolution is governed by the diffusion of
hydrated ions at the 500-nm scale. Overall, our experimental findings prove that classical
dissolution theory fails to predict the salt dissolution dynamics at the nanometer pore
scale. Further theoretical study is needed to model the entire dissolution process in the
nanoporous media.

4. Conclusions

In this work, we developed a multiscale shale micromodel (50 nm, 500 nm and 5 µm)
to characterize the salt precipitation during CO2 injection, as well as the salt dissolution
during water injection. For the salt precipitation in the nanoporous media, we found
that salt precipitation mainly happens in the 500-nm deep network. Two stages of salt
precipitation (fast and slow) are observed. The precipitation rate ratio of the two stages
is ~7.9 times larger than the ratio measured in the microporous media. The slow water
evaporation and fast heterogeneous nucleation in nanoporous media potentially contribute
to the difference in the precipitation rate ratio in nanoporous and microporous media.
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In addition to the nanometer pore network, salt precipitation also happens at the
connection between the 500-nm deep network and 5-µm deep pores. Salt particles accu-
mulate in a sector region that aligns with the CO2 displacement front. During the water
injection, the salt dissolution in the 500-nm network takes approximately twice as long as
the prediction from the classical bulk dissolution theory. The theory only predicts the initial
fast dissolution in the experiment, but misses the later slow dissolution stage, indicating
the failure of bulk theory at the nanoscale.

Overall, this work provides nanometer pore-scale insight into salt precipitation and
dissolution during CO2 and water injection. The experimental findings shed light on CO2
injection for shale oil recovery when high salinity water exists. We conducted preliminary
theoretical analyses of experimental results. Further theoretical modeling work to dig
into the fundamental mechanisms of salt precipitation and dissolution dynamics at the
nanoscale is urgently needed. In addition, the injected CO2 is often at the supercritical con-
dition in shale reservoirs. Characterizing the effect of supercritical CO2 on salt precipitation
is also required.
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