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Abstract: Gas injection for enhanced oil and gas reservoir recovery is a crucial method in offshore
Carbon Capture, Utilization, and Storage (CCUS). The B6 buried hill condensate gas reservoir,
characterized by high CO2 content, a deficit in natural energy, developed fractures and low-pressure
differentials between formation and saturation pressures, requires supplementary formation energy
to mitigate retrograde condensation near the wellbore area through gas injection. However, due to
the connected fractures, the B6 gas reservoir exhibits strong horizontal and vertical heterogeneity,
resulting in severe gas channeling and a futile cycle, which affects the gas injection efficiency at various
levels of fracture development. Based on these findings, we conducted gas injection experiments
and numerical simulations on fractured cores. A characterization method for oil and gas relative
permeability considering dissolution was established. Additionally, the gas injection development
boundary for this type of condensate gas reservoir was quantified according to the degree of fracture
development, and the gas injection mode of the B6 reservoir was optimized. Research indicates
that the presence of fractures leads to the formation of a dominant gas channel; the greater the
permeability difference, the poorer the gas injection effect. The permeability gradation (fracture
permeability divided by matrix permeability) in the gas injection area should be no higher than 15;
gas injection in wells A1 and A2 is likely to achieve a better development effect under the existing well
pattern. Moreover, early gas injection timing and pulse gas injection prove beneficial in enhancing
the recovery rate of condensate oil. The study offers significant guidance for the development of
similar gas reservoirs and for reservoirs with weakly connected fractures; advancing the timing of gas
injection can mitigate the retrograde condensation phenomenon, whereas initiating gas injection after
depletion may reduce the impact of gas channeling for reservoirs with strongly connected fractures.

Keywords: condensate gas reservoir; fracture; gas injection; physical simulation

1. Introduction

Condensate gas plays a crucial role in natural gas resources owing to its unique
retrograde condensation phenomenon that possesses significant commercial development
value [1,2]. Condensate gas precipitates condensate oil when below the dew point pressure,
leading to accumulation in the near-wellbore area, which blocks oil and gas seepage
channels and retains condensate oil in the formation [3–5]. Therefore, gas injection is
considered the optimal method for developing condensate gas reservoirs in which nitrogen,
methane, and carbon dioxide are commonly used injection media [6–8]. On one hand, the
injected gas supplements the formation energy and prevents the precipitation of condensate
oil. On the other hand, gas injection enhances seepage capacity in the near-wellbore area
through reverse evaporation and displacement [9–11]. Currently, the serious issue of
global warming has heightened interest in the geological storage capacity of CO2 among
scholars [12–14]. Gas injection for condensate gas reservoirs can effectively improve the
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recovery of condensate oil and gas while realizing CO2 storage, which has a high CO2
content [15–17]. In terms of numerical simulation, studies indicate that CO2 injection
facilitates the revaporization of condensate oil [18–20]. When the injection pressure reaches
a specified level, 90% of the injected CO2 is retained within the reservoir, confirming
the potential for CO2 sequestration in condensate gas reservoirs [21]. Compared to CO2
injection in the late stage of depletion, studies demonstrate that early-stage CO2 injection
can achieve CO2 storage and significantly enhance condensate oil recovery [22].

Core experimental results indicate that gas injection effectively enhances formation
pressure, mitigates retrograde condensation damage, and delays the breakthrough time of
natural gas. Compared to other injection media, CO2 significantly improves the mobility ra-
tio and provides a more stable displacement front [23–25]. The presence of natural fractures
facilitates the interaction between injected gas and condensate oil; however, large scale
fractures can lead to premature gas injection breakthroughs, thereby reducing recovery. Qu
et al. [26] investigated the characteristics of gas channeling in fractured carbonate reservoirs
through physical simulation and examined its impact on oil displacement efficiency and
recovery rate. The findings suggest that once gas channeling occurs, the remaining oil
cannot be effectively mobilized. In addition, Tran et al. [27] investigated the mechanism
of gas injection huff and puff through visualization experiments that included system
compressibility, oil swelling, and vaporization of oil components into the gas phase. A
related study revealed that the permeability ratio between the matrix and fractures also
influences the final recovery [28].

Current research on gas injection development in condensate gas reservoirs primarily
focuses on the optimization of injection mediums, methods of injection, and evaluation
of development effects. The main perspectives include the following: gas injection can
effectively enhance recovery for condensate gas reservoirs or low-permeability reservoirs,
with CO2 injection outperforming dry gas and nitrogen injection; periodic gas injection
or water-alternating-gas injection can effectively expand the utilization area. However,
for fractured reservoirs, gas injection development often results in gas channeling and
ineffective cycling. Although some scholars have investigated the issue of gas channeling
in fractured reservoirs, there is limited exploration of the boundaries for gas injection
development in these reservoirs.

Based on this, the present study targets the B6 fractured condensate gas reservoir.
Through conducting gas displacement experiments with long core samples that have artifi-
cial fractures, the study explored the reasonable range of permeability gradients for gas
injection. Moreover, due to the high CO2 content in the formation fluids, a relative perme-
ability characterization method that takes dissolution effects into account was proposed to
more accurately simulate multiphase fluid flow. Finally, the optimization of gas injection
well placements for the B6 condensate gas reservoir was performed. The primary purpose
of this study lies in the quantitative delineation of reasonable gas injection boundaries for
fractured reservoirs, providing valuable insights for the development of similar gas fields.

2. Experiment Study on Gas Injection of Fractured Cores
2.1. Fluid and Core Preparation

Representative formation fluid samples were prepared using oil and gas from the
separator under set conditions including formation temperature, pressure and the original
gas–oil ratio. Single flash evaporation, constant composition expansion and constant
volume depletion tests were conducted to ensure that parameters like the flash vapor–oil
ratio, dew point pressure, and retrograde condensate saturation matched those in the
original PVT report. The detailed parameters are listed in Table 1.

Fractured cores that were designed to simulate various reservoir types were prepared
to investigate the gas displacement dynamics in the B6 condensate gas reservoir. Composed
predominantly of quartz, feldspar and clay, three types of bedrock cores with permeabilities
of approximately 0.1 mD, 0.4 mD, and 1 mD were fabricated by varying the proportions of
clay and quartz to manage permeability levels. Subsequently, fractures were introduced to
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create various permeability gradations (kf/km). The permeability parameters for each core
utilized in the experiment are detailed in Table 2.

Table 1. Main parameters of B6 gas reservoir.

Parameters Value

Formation temperature, ◦C 172
Initial formation pressure, MPa 48.7

Dew point pressure, MPa 44.3
Maximum retrograde condensation pressure, MPa 24

Condensate density, g/cm3 0.799
Gas–oil radio, m3/m3 1000

Table 2. Permeability parameters of long cores.

No Core Length
(m)

Matrix Permeability
(mD)

Fracture Permeability
(mD)

Permeability
Gradation

1 99.73 0.15 - 1
2 89.64 0.16 10.11 67
3 89.88 0.16 3.26 20
4 99.68 0.41 - 1
5 99.70 0.41 14.27 35
6 89.95 0.41 6.2 15
7 94.66 1.47 - 1
8 89.75 1.02 22.41 22
9 89.79 1.01 9.5 9

2.2. Experimental Setup and Process

The long core displacement experiment was conducted under set conditions of forma-
tion temperature and formation pressure and was divided into the following three stages:
(1) the first depletion stage (to maximum retrograde condensate saturation, Psm); (2) the
synergistic gas drive stage; (3) the second depletion stage (to the abandoned pressure, Pa).
The primary objective of this experiment was to assess the extent of reservoir heterogeneity
and its impact on the effectiveness of gas injection. Additionally, for fractured reservoirs
with high permeability, long core displacement experiments utilizing a gas flooding plus
depletion development mode were conducted to further explore the impact of gas injection
timing and method on enhancing condensate oil and gas recovery. The core displace-
ment experimental apparatus and methodology are illustrated in Figure 1. The specific
experimental procedures are as follows:

Energies 2024, 17, x FOR PEER REVIEW 4 of 13 
 

 

 
 

(a) Device used in the experiment (b) Process of the experiment 

Figure 1. Core displacement experimental device and process. 

Experiment preparation. Initially, the core was saturated to the irreducible water sat-
uration level of 34% (𝑆௪௖). Each short core was aligned within the long core using the har-
monic average method with filter paper inserted between each core to mitigate end effects. 
The long core was placed in the core holder and the initial pressure and temperature sys-
tem (𝑃௜, 𝑇௜) of the B6 gas reservoir were set up as specified in Table 1. Subsequently, the 
core was displaced at a slow speed using the prepared condensate gas sample, until the 
gas–oil ratio of the fluid at the core’s outlet matched that of the condensate gas. 

First stage of depletion development. The pressure was gradually reduced from the 
formation pressure at a controlled rate, maintaining a constant pressure differential be-
tween the confining pressure and the internal pressure until it reached 𝑃௦௠. Throughout 
the stable period, system parameters such as gas volume, oil volume, inlet pressure, and 
outlet pressure were recorded at each test point. Subsequently, the experimental fluid was 
divided into gas and condensate oil samples using liquid nitrogen. 

Synergistic gas drive stage. When the pressure decreased to 𝑃௦௠, injection gas was 
introduced continuously until no further increase in condensate recovery was observed. 
Throughout the experiment, outlet end parameters were recorded at intervals of 0.1 hy-
drocarbon pore volume (HCPV). 

Second stage of depletion development. The pressure was gradually lowered at a 
controlled rate, maintaining a constant differential between the confining pressure and 
the internal pressure until it reached 𝑃௔. At the end of each experimental set, the cores 
were cleaned with petroleum ether and ethanol, and subsequently dried with nitrogen in 
preparation for the next series of experiments. 

3. Experiment Results 
3.1. Effect of Matrix Permeability 

A comprehensive comparison of three groups, each with different matrix permeabil-
ity in gas injection experiments, and their respective gas–oil ratios and condensate oil re-
covery ratios, was carried out and is presented in Figures 2–4. Figures 2 and 4 illustrate 
changes in indicators under varying pressures during the first and  second stages of de-
pletion development. Meanwhile, Figure 3 displays the variations in the gas–oil ratio and 
condensate oil recovery during the gas injection period, recorded every 0.1 HPCV. 

Figure 1. Core displacement experimental device and process.

Experiment preparation. Initially, the core was saturated to the irreducible water
saturation level of 34% (Swc). Each short core was aligned within the long core using the
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harmonic average method with filter paper inserted between each core to mitigate end
effects. The long core was placed in the core holder and the initial pressure and temperature
system (Pi, Ti) of the B6 gas reservoir were set up as specified in Table 1. Subsequently, the
core was displaced at a slow speed using the prepared condensate gas sample, until the
gas–oil ratio of the fluid at the core’s outlet matched that of the condensate gas.

First stage of depletion development. The pressure was gradually reduced from
the formation pressure at a controlled rate, maintaining a constant pressure differential
between the confining pressure and the internal pressure until it reached Psm. Throughout
the stable period, system parameters such as gas volume, oil volume, inlet pressure, and
outlet pressure were recorded at each test point. Subsequently, the experimental fluid was
divided into gas and condensate oil samples using liquid nitrogen.

Synergistic gas drive stage. When the pressure decreased to Psm, injection gas was
introduced continuously until no further increase in condensate recovery was observed.
Throughout the experiment, outlet end parameters were recorded at intervals of 0.1 hydro-
carbon pore volume (HCPV).

Second stage of depletion development. The pressure was gradually lowered at a
controlled rate, maintaining a constant differential between the confining pressure and
the internal pressure until it reached Pa. At the end of each experimental set, the cores
were cleaned with petroleum ether and ethanol, and subsequently dried with nitrogen in
preparation for the next series of experiments.

3. Experiment Results
3.1. Effect of Matrix Permeability

A comprehensive comparison of three groups, each with different matrix permeability
in gas injection experiments, and their respective gas–oil ratios and condensate oil recovery
ratios, was carried out and is presented in Figures 2–4. Figures 2 and 4 illustrate changes in
indicators under varying pressures during the first and second stages of depletion develop-
ment. Meanwhile, Figure 3 displays the variations in the gas–oil ratio and condensate oil
recovery during the gas injection period, recorded every 0.1 HPCV.
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Figure 2. Comparison of gas–oil ratio and condensate oil recovery under different matrix permeability
in the first depletion stage.

The experimental results indicate that total condensate oil recovery increases with
matrix permeability, i.e., 39.20% at 0.1 mD, 42.61% at 0.4 mD, and 43.93% at 1 mD. This
demonstrates a direct correlation between higher matrix permeability and increased oil
recovery. In the initial stage of depletion development, as the result of retrograde con-
densation, the gas–oil ratio rises continuously with decreasing pressure. Condensate oil
increasingly occupies the matrix pores and the gas–oil ratio rises more rapidly when the
pressure falls below 30 MPa due to its poor mobility, and lower matrix permeability results
in a lower gas–oil ratio. However, during gas injection development, lower matrix perme-
ability leads to a higher production gas–oil ratio as is shown in Figure 3. The inflection
point where the gas–oil ratio suddenly rises indicates the occurrence of gas channeling.
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Higher matrix permeability can delay the onset of gas channeling and improve the recovery
rate during gas injection. For matrix porous medium flow, variations in permeability do
not significantly affect development outcomes. However, in regions of the B6 buried hill
condensate gas reservoir with varying fracture developments, the impact of main gas
channeling on condensate oil recovery warrants further investigation.
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3.2. Effect of Permeability Gradation

Figure 5 displays a comparison of condensate oil recovery across three development
stages under various permeability gradation conditions. It can be concluded that larger
permeability differences result in lower overall recovery of condensate oil, and the presence
of fractures tends to form dominant channels during the gas injection period. Significant
amounts of condensate oil are retained in micropores and cannot be easily displaced by
injection gas due to the weak supply capacity of the matrix, leading to decreased recovery
rates. The study demonstrated that optimal permeability gradation for gas injection in
fractured condensate gas reservoirs should be no higher than 15, with diminishing returns
observed when exceeding 20. Consequently, gas injection development is more effective
in areas with lower fracture development. In contrast, in areas with highly developed
fractures, gas flooding is more prone to gas channeling, underscoring the urgency to
optimize the development mode of the B6 gas reservoir.
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3.3. Effect of Gas Injection Timing

Figure 6 compares condensate oil recovery rates using two different gas injection
timings—the original formation pressure and maximum retrograde condensate pressure—
across various matrix permeabilities. The experimental results indicate that condensate
oil recovery reaches 67.31% under original formation pressure conditions for a core with
1 mD matrix permeability, compared to only 45.62% under maximum retrograde conden-
sate pressure conditions. Gas injection at the formation pressure more effectively improves
condensate oil recovery compared to gas injection at the maximum retrograde condensate
pressure. Analysis reveals that injecting gas above the dew point pressure prevents retrograde
condensation, with all condensate oil components dissolved in the gas phase, facilitating
large-scale production. At maximum retrograde condensation pressure, condensate oil is
the most abundant, yet despite reverse evaporation effects, much remains unconverted to
the gas phase and trapped within the reservoir. Oil displacement efficiency never reaches
100%, resulting in relatively low recovery rates. In cases of lower matrix permeability and
significant permeability differences, the timing of gas injection minimally impacts recovery,
necessitating optimization of the injection method.
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3.4. Effect of injection method

The experiment begins at a formation pressure of 48.7 MPa and continues until the
pressure decreases to Psm (24 MPa). The outlet valve is then closed, and a specified amount
of injection gas is introduced through the inlet until the formation pressure increases to
the dew point pressure of 44.32 MPa. At this point, the inlet valve is closed to shut in the
well. Once the core system’s pressure stabilizes, the outlet valve is reopened to reduce
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pressure from the dew point back to Psm. This cycle is repeated multiple times until there
is no further increase in condensate oil recovery (an oil recovery difference of less than
0.05%). Subsequently, the core is depleted to the abandonment pressure of 10 MPa. The
comparative results of two different gas injection methods (continuous gas injection and
pulse gas injection) are presented in Figure 7.
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Based on the experimental comparisons, it is evident that condensate oil recovery
increases with the number of pulse gas injections in pulse injection mode. After the sixth
pulse gas injection, condensate oil recovery reaches 59.70%, a 43.57% increase from the
pre-injection level of 16.13%. In contrast, continuous gas injection yields only a 13.02%
increase, clearly demonstrating the superior efficacy of pulse gas injection. The likely
reason for this is that pulse gas injection raises the formation pressure, reducing gas–oil
interfacial tension and bringing the gas–oil mixture closer to miscibility, thereby enhancing
oil displacement efficiency. Additionally, the extended contact time between dry gas and
condensate oil during well shut-in allows more condensate oil to revert to the gas phase,
facilitating easier production. Furthermore, pulse gas injection is particularly effective in
fractured reservoirs for minimizing gas channeling. Consequently, in zones of the B6 gas
reservoir with significant permeability gradation, pulse gas injection is the recommended
development method.

4. Field Application
4.1. Geological Characteristics of B6 Gas Reservoir

The B6 gas field features an anticline structure complicated by a series of small faults
and is characterized by ultra-high condensate levels and a fracture-dominated geology. The
gas reservoir is buried at depths ranging from 3870 to 4700 m, predominantly within the
Neoarchean buried hill strata. The metamorphic buried hill reservoir is stratified from top
to bottom into a weathering zone and an inner zone, influenced by the extent of fracturing
and weathering. The weathering zone, which is the primary area for B6 gas reservoir
development, is subdivided into the strongly weathered zone and the secondary weathering
zone. Due to filling and compaction processes, the secondary weathering zone exhibits
larger fracture widths and superior connectivity compared to the strongly weathered zone.
Currently, nine wells in the B6 gas reservoir are undergoing depletion development, with
gas injection modes optimized according to this well pattern. Experimental results indicate
that optimal development outcomes are achieved when the permeability gradation is less
than 15; accordingly, the field’s permeability range is defined using fracture and matrix
permeability constraints, as illustrated in Figure 8.
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4.2. Basic Parameters and Characterization of Oil–Gas Relative Permeability

The area around wells A1 and A2 exhibits low heterogeneity with a permeability
gradation under 15, suggesting that gas injection development could theoretically yield
superior outcomes. Based on these findings, a numerical simulation model of the B6
gas reservoir has been developed to optimize the gas injection network. In practice,
associated gas reinjection is employed for gas injection development with a reinjection rate
of 60%, tailored to the specific engineering conditions. Detailed reservoir and fluid physical
parameters are presented in Table 3.

Table 3. Reservoir and fluid parameters of numerical simulation model.

Parameters Value

Fracture density of strong weathering zone, /m 6.78
Fracture density of secondary weathering zone, /m 4.22

Average porosity of strong weathering zone, % 4.9
Average porosity of strong weathering zone, % 3.6

CO2 content, % 10

Currently, in the CH4/CO2/crude oil system, the conventional relative permeability
treatment method assumes the two-phase fluid to be insoluble and incompressible, effec-
tively ignoring the interactions between oil and gas. However, this overlooks the significant
solubility of CO2 in crude oil. Zhao et al. [29] asserts that the viscosity of the crude oil
sharply decreases, leading to a narrowing of the oil–gas two-phase region, a significant
increase in oil-phase permeability and a slight reduction in residual oil saturation when
considering the dissolution effects of CO2. Moreover, traditional experimental methods
often use dead oil or simulated oil rather than actual crude oil samples, which fails to
capture the real interactions between crude oil and CO2, leading to deviations in results. In
this section, we introduce a relative permeability characterization method that accounts for
dissolution, described as follows:

−
∂pg

∂x
=

Qgµg

AKKrg

[
1 − λbg

(|∇P|+λbg−λag )

] (1)

Qg = Au fg (2)

where p represents pressure, MPa; ∇P represents pressure gradient between the ends
of the core, MPa/m; x represents flow distance along the displacement direction, m; Q
represents flow rate, m3/s; u represents flow velocity, m/s; A represents core cross-sectional
area, m2; f represents fractional flow, dimensionless; K represents absolute permeability,
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mD; Kr represents relative permeability, dimensionless; µ represents viscosity, mPa·s;
λa, λb represents threshold pressure gradient and pseudo threshold pressure gradient,

respectively; subscripts g, represent the gas phase.
The equation of CO2 isosaturation movement can be expressed as follows:

x =
f ′g
(
Sg

)
φA

∫ t

0
Q(t)dt (3)

For the end of the core outlet,

L =
f ′g
(
Sge

)
φA

∫ t

0
Q(t)dt (4)

Dimensionless injection quantity can be expressed as follows:

V(t) =

∫ t
0 Q(t)dt

φAL
=

1
f ′g
(
Sge

) (5)

where Sg represents gas saturation, which is dimensionless; Sge represents gas saturation at
the core outlet, which is dimensionless; φ represents porosity, which is also dimensionless.

The pressure difference between both ends of the core can be expressed as follows:

∆p = −
∫ L

0

∂p
∂x

dx (6)

By substituting Equations (1)–(5) into the pressure difference equation, relative perme-
ability of the oil phase can be expressed as Equation (7).

Kro(Sge) =
f0
(
Sge

)[
1 − λb

(|∇P|+λb−λa )

] d
[

1
V(t)

]
d
[

1
V(t)I

] (7)

The oil and gas flow rate at the outlet of the core is proportional to the fractional
flow parameters.

Qg

Qo
=

1 − fo

fo
(8)

The relative permeability of the oil phase can be calculated by inserting the flow rate
equation into Equation (8).

Krg(Sge) =
1 − fo

fo

Kro
(
Sge

)
µg

µo
×

1 − λbo
(|∇P|+λbo−λao )

1 − λbg

(|∇P|+λbg−λag )

(9)

In addition, the dissolution of CO2 can be reflected by the viscosity reduction effect
through the Arrhenius equation.

µmix = µx1
o · µx2

g (10)

Figure 9 presents the fitted oil production rate curve for well A4. It is evident that
the predicted oil production rate of the traditional model, which did not account for CO2
dissolution in the oil phase, is lower than the actual production data. The prediction
results of the new model demonstrate that CO2 increases the mobility of the oil phase, thus
providing a better match with the actual field data.
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4.3. Prediction of Gas Injection Development Effect

The A1 and A2 wells are located in an area of low permeability gradation, resulting in
minimal heterogeneity around the injectors and uniform gas propulsion. This configuration
effectively supplies energy and prevents gas channeling. Numerical simulations indicate
that oil production from A1 and A2 is initially lower than other wells due to limited
fracture development. However, as gas channeling begins to impact other wells, these two
maintain higher cumulative oil production, aligning with the experimental results shown
in Figure 10. In contrast, the strong heterogeneity of the reservoir surrounding wells A3
and A4 facilitates rapid gas channeling, resulting in a final cumulative oil production of
less than 66 thousand cubic meters over a two-year injection period, markedly lower than
that achieved by A1 and A2.
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Figure 10. Numerical simulation results of gas injection in different well locations of B6 condensate
gas reservoir.

Circulating gas injection not only enhances the recovery of condensate gas reservoirs
but also effectively enables CO2 storage. During the gas injection development at the B6
gas reservoir, the stored volume of CO2 amounted to 5.56 million cubic meters, averaging
0.62 million cubic meters per well, as illustrated in Figure 11.

This study explores the gas injection development limits of the B6 fractured conden-
sate gas reservoir using both physical simulation experiments and numerical simulation.
However, there is a lack of field dynamic data for validation due to the short gas injection
implementation time. Future efforts will concentrate on improving the characterization of
heterogeneity in fractured reservoirs, continuously monitoring production dynamics dur-
ing the gas injection development phase and evaluating the synergistic effects of CH4/CO2
synergistic displacement.
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5. Conclusions

(1) For the first time, an experimental study of gas injection with varying permeability
gradations was conducted. The results indicate that fractures readily form dominant
channels for gas channeling. The findings demonstrate that larger permeability
gradations lead to lower recovery rates of condensate oil. Optimal development
outcomes are achieved when permeability gradation is maintained below 15.

(2) Higher matrix permeability correlates with increased recovery of condensate oil.
Earlier gas injection significantly enhances these recovery rates. Additionally, smaller
permeability gradations result in greater increases in condensate oil recovery. Pulse
gas injection markedly improves oil recovery in buried hill reservoirs.

(3) In the B6 condensate gas field, maintaining formation pressure via gas injection is
recommended, particularly in the weathering zone with weak fracture connectiv-
ity. Wells A1 and A2 were recommended early gas injection to mitigate retrograde
condensation through numerical simulation.
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