
Citation: Jiang, P.; Zha, Y.; Ye, Q.;

Xiong, R.; Zhao, N.; Mo, F.; Sun, L.; Li,

M.; Zeng, Y.; Liang, B. CO2-Enhanced

Gas Recovery in Offshore Carbon-Rich

Gas Reservoirs—Part 1: In Situ Gas

Dispersion Behaviors. Processes 2024,

12, 2479. https://doi.org/10.3390/

pr12112479

Academic Editor: Raymond

Cecil Everson

Received: 7 October 2024

Revised: 30 October 2024

Accepted: 31 October 2024

Published: 8 November 2024

Copyright: © 2024 by the authors.

Licensee MDPI, Basel, Switzerland.

This article is an open access article

distributed under the terms and

conditions of the Creative Commons

Attribution (CC BY) license (https://

creativecommons.org/licenses/by/

4.0/).

Article

CO2-Enhanced Gas Recovery in Offshore Carbon-Rich Gas
Reservoirs—Part 1: In Situ Gas Dispersion Behaviors
Ping Jiang 1,2, Yuqiang Zha 1,2,*, Qing Ye 1,2, Runfu Xiong 1,2, Nan Zhao 1,2, Fengyang Mo 1,2, Lei Sun 3,
Minxuan Li 1,2, Yuqi Zeng 3 and Bin Liang 3

1 CNOOC China Limited, Hainan Branch, Haikou 570125, China; xiongrf@cnooc.com.cn (R.X.)
2 China National Offshore Oil Corporation (CNOOC) South China Sea Oil and Gas Energy Academician

Workstation, Haikou 570125, China
3 State Key Laboratory of Oil and Gas Reservoir Geology and Exploitation, Southwest Petroleum University,

Chengdu 610500, China; binliang@swpu.edu.cn (B.L.)
* Correspondence: zhayq@cnooc.com.cn

Abstract: In the middle and late stages of offshore carbon-rich gas reservoir development, insufficient
reservoir energy poses significant challenges and difficulty in improving gas recovery. Injecting CO2

back into the reservoir is a promising development approach that can address both carbon emissions
and enhanced gas recovery (EGR). During the CO2 injection process, the CO2–CH4 dispersion
significantly impacts the recovery of CH4. To understand the mass transfer and dispersion laws of
CO2 and high-carbon natural gas under current in situ reservoir conditions, this study conducted 1-m-
long core experiments to investigate the effects of different gas compositions and permeabilities on gas
recovery and diffusion laws in offshore reservoirs, taking into account the evolution of permeability
in the porous medium. The experimental results indicate that the higher carbon concentration helps
reduce mixing with formation gas, which consists of 70% methane, 25% nitrogen, and 5% carbon
dioxide, resulting in a smaller diffusion coefficient. Under the conditions of an injection rate of
0.4 mL/min, a temperature of 81 ◦C, and a pressure of 7 MPa, the diffusion coefficient decreases by
27.5% as the carbon dioxide concentration increases from 70% to 90%, resulting in a 1.5% increase in
recovery efficiency. As the permeability decreases, the viscous resistance of the fluid increases, leading
to longer breakthrough times, and the reservoir fluid becomes more akin to piston displacement,
reducing the degree of dispersion. The findings of this study provide guidance for optimizing gas
injection strategies by reducing CO2 dispersion and further enhancing natural gas recovery.

Keywords: CCUS; CO2-EGR; offshore gas reservoir; dispersion

1. Introduction

The urgent sustainable development of human society requires improving the energy
structure, particularly through developing and utilizing clean and new energy sources.
Natural gas, as a clean and low-carbon fossil fuel, plays an increasingly significant role in
the global energy consumption structure [1–3]. With its high calorific value and low carbon
emissions, natural gas can help reduce carbon emissions. Therefore, the efficient develop-
ment and utilization of gas reserves are of great significance for ensuring energy security,
promoting green economic development, and achieving carbon neutrality [4]. Depletion
development is the primary method for gas reservoir exploitation. In the later stages of gas
field development, insufficient energy within the reservoir leads to a significant portion
of natural gas remaining trapped. Additionally, gas reservoirs with underlying water
face challenges of water influx in the later stages of development. Effectively controlling
water influx is a pressing issue that needs to be addressed in developing water-bearing
gas reservoirs [5]. Injecting CO2 into depleted and partially depleted gas reservoirs can
enhance gas recovery and facilitate CO2 storage in the reservoir due to the differences in
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properties between CO2 and natural gas. Additionally, injecting CO2 at the gas-water inter-
face leads to CO2 dissolution in water, increases reservoir pressure, and forms a foam zone
to suppress water influx under certain conditions. Injecting CO2 into the reservoir holds
promising prospects for improving the hydrocarbon recovery in depleted gas reservoirs [6].
In addition to CO2, nitrogen, water, and some light hydrocarbons are also injected into
gas reservoirs to enhance recovery. It is worth noting that water and light hydrocarbon
injections are generally only applied in gas condensate reservoirs [7–10].

After the concept of CO2 storage with enhanced gas recovery (CSEGR or CO2-EGR)
was proposed [11], researchers conducted studies on the economic and technical feasibility
of injecting CO2 into reservoirs [12]. Technically, injecting CO2 into reservoirs is feasible, but
it can contaminate natural gas. For the majority of gas reservoirs, CO2 storage is considered
after the reservoir is abandoned. During the process of injecting CO2, the injected gas
mixes with natural gas. The diffusion behavior and displacement effect of the gas affects
the gas recovery rate. Therefore, the diffusion and dispersion behaviors of CO2 in natural
gas reservoirs are a key focus of CO2-EGR research [13,14].

When CO2 is injected into gas reservoirs, changes in temperature and pressure occur
with increasing depth in the geological formations. These variations cause a widening
gap in the physical properties between CO2 and CH4 [6], thereby affecting their flow
characteristics within the reservoir. Experts in petroleum studies, such as Liu et al. (2015,
2020), studied the dispersion coefficient at different pressures (4–30 MPa) and tempera-
tures (60–150 ◦C) [15,16]; Sidiq and Amin et al. (2009) studied the dispersion coefficient at
different pressures (10–40 MPa) and 160 ◦C [17]; and Seo and Mamora et al. delved deep
into the effects of pressure and temperature on the dispersion coefficients of CO2–CH4 [13].
Their findings indicate that rising temperature enhances intermolecular diffusion, leading
to larger diffusion coefficients for CO2 and CH4. Prior to CO2 reaching its critical pressure
of 7.38 MPa, the dispersion coefficient increases with injection pressure. When the pressure
exceeds the critical pressure, causing CO2 to become supercritical, the dispersion coefficient
decreases with increasing pressure. Additionally, subsequent studies by Sidi and Amin
et al. (2012) [18] explored the recovery rate of CO2–CH4 mixed gas under different injection
pressures. The results of these studies demonstrate that increasing pressure significantly
amplifies the differences in physical properties between CO2 and CH4, thereby influencing
their degree of mixing and further enhancing gas recovery. Apart from the effect of pressure
and temperature, Abba et al. found that increasing the injection rate of CO2 at 8.96 MPa
and 40 ◦C to 50 ◦C would cause CO2 to break through earlier. At an injection rate of 0.2
to 0.4 mL/min, the horizontal displacement CO2 dispersion coefficient, due to gravity
segregation, is greater than the vertical dispersion coefficient. However, when the rate
reaches 0.5 mL/min, this difference becomes less noticeable [19]. Liu investigated the
impact of the injection rate on the dispersion coefficient and showed that as the injection
rate increases, the convection of CO2–CH4 is more intense, thereby increasing the disper-
sion coefficient [6,19]. Scholars also studied the relationship between permeability and
the dispersion coefficient. In their experiments, the general trend is that the greater the
permeability, the smaller the dispersion coefficient. An explanation for the phenomenon is
that the flow channels tend to be more tortuous when the permeability decreases, which
in turn leads to a higher degree of CO2–CH4 miscibility [20,21]. However, Honari et al.
observed an abnormal phenomenon where a larger dispersion coefficient occurred in cores
with greater permeability [22]. Therefore, the relationship between permeability and the
dispersion coefficient still requires further exploration.

Regarding injection gas components, Nogueira et al. studied the extent to which
impurity components in flue gas (nitrogen, oxygen, water, sulfur dioxide, carbon monoxide,
etc.) affect the displacement of natural gas by CO2 [23]. Turta et al. and Sim et al. studied
the effects of different lengths of cores and injected gas components on the recovery of CH4
at low pressure but unfortunately failed to fully simulate the actual gas reservoir [24,25].
Some researchers altered the concentration of CH4 in the formation gas to investigate
the effectiveness of CO2 displacement under different formation gas conditions [17,26].
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Mohammed et al. (2020) used N2 as a buffer gas, injecting N2 before CO2 to study the barrier
mechanism of N2 in CO2–CH4, and the results showed that N2 can effectively prevent
the miscibility of CO2 with CH4, which is beneficial for the sequestration of CO2 [27].
Zhang Y et al. (2022) utilized a CO2 + N2 system as the injection gas to displace natural
gas [21], studying the seepage characteristics of CO2–CH4. The results indicated that N2 is
more likely to mix with CH4, and there is an optimal injection rate for N2 beyond which
the recovery rate decreases. However, the concentration of CO2 in the injected gas was not
compared. To find a preferable CO2 concentration to enhance the recovery rate of natural
gas, it is necessary to study the seepage characteristics of injecting different concentrations
of CO2 in natural gas reservoirs.

The efficiency of CO2 displacement is a crucial factor in assessing the effectiveness
of gas flooding. Wei et al. investigated the impact of different concentrations of CO2 on
enhancing the recovery rate in coalbeds. Their findings indicate that pure CO2 yields
a higher recovery rate and a later breakthrough time compared to a mixture of N2 and
CO2 [28]. Pooladi-Darvish et al. and their team injected a low-pressure gas system of CO2
and H2S into the reservoir. They observed that CO2 and H2S broke through within 1 to
3 years after injection, suggesting that under low-pressure conditions, the injection of gases
that are not significantly different from the formation gas can accelerate the mixing process,
leading to an earlier breakthrough of the gases [29].

As shown in Figure 1, the Central Diapir Zone serves as the primary area for gas
production and reserves in the Yinggehai Basin, with the Dongfang area situated within
this zone [30]. Recently, Dongfang offshore gas reservoirs of CNOOC, which are typical
carbon-rich gas reservoir, have been implementing CO2-EGR practice on a reservoir scale.
The average permeability of the Dongfang gas reservoir is approximately 20 mD, with a
high carbon content in the produced gas. In some gas wells, the carbon content reaches
up to 80%. A key measure in Dongfang practice is injecting produced gas directly or
partially purified back into the reservoir. Negligible content of CH4 exists in the injection
gas. The dispersion behavior of such gas in natural gas reservoirs is not understood. In
consideration of this, we examined the dispersion behavior of CO2 with CH4 in natural
gas reservoirs under varying injection gas concentrations, permeabilities, and injection
rates, alongside methane recovery. By comparing dispersion coefficients across different
conditions, we revealed the influencing factors of CO2 displacing CH4 and its dispersion
characteristics within porous media. These findings are expected to guide CO2-EGR in
carbon-rich offshore gas reservoirs.
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2. Dispersion Theory

The dispersion process can be considered to be composed of molecular diffusion and
mechanical dispersion. Molecular diffusion results from the flow phenomenon caused
by concentration gradients, and gas diffusion is generally stronger than that of liquids.
Mechanical dispersion occurs when fluid flows through porous media at non-uniform
velocities within the pores. This velocity gradient in the flow direction causes dispersion
of the fluid, known as longitudinal dispersion. Additionally, due to the influence of
the tortuosity of the porous media, fluid dispersion occurs perpendicular to the flow
direction, known as transverse dispersion [31]. Molecular diffusion is independent of flow
velocity. Together, they determine the overall effect of substance transport in porous media,
known as total dispersion. The combined effects of both can be described by the total
dispersion coefficient.

Overall, the dispersion process is the result of the combined effects of molecular
diffusion and mechanical dispersion. Generally, when the Peclet number (Npe) is small
(<0.1), molecular diffusion dominates the dispersion process. When Npe is large (Npe > 10),
mechanical dispersion becomes predominant, and molecular diffusion can be negligible.
When the dispersion coefficient falls within this range, both molecular diffusion and me-
chanical dispersion play a significant role in the dispersion process. In the transition region
between the two, both molecular diffusion and mechanical dispersion play significant roles
and cannot be ignored [31,32].

Transverse dispersion coefficients are often neglected due to being significantly smaller
than longitudinal dispersion coefficients. Therefore, one-dimensional convection-dispersion
equations are commonly used to characterize dispersion problems. As shown in Figure 2,
the breakthrough curve of CO2 resembles a normal distribution and requires two conditions
to be met: (1) homogeneous rock cores, and (2) injection gas density and viscosity should
be similar to reservoir gas density and viscosity [33].
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The method generally used for laboratory measurement of dispersion coefficients
is the breakthrough column method, similar to oil displacement experiments with core
samples. When the displacement front reaches the outlet, the injected fluid concentration
rapidly increases from 0 to 1 due to dispersion effects. The partial concentration at the
outlet can be fitted to calculate Npe and dispersion coefficients.

The initial boundary value problem for one-dimensional transport consists of the
following equation and appropriate initial and boundary conditions. For transport in a
semi-infinite medium, the initial boundary value problem consists of the following set
of equations:

∂C
∂t

+ µx
∂C
∂x

− DL
∂2C
∂x2 = 0 (1)

C(x, 0) = Ci (2)

C(0, t) = Cj (3)

C(∞, t) = Ci (4)
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Ogata and Banks (1961) provided a solution to the above equations.

C(x, t) =
Cj

2

[
erfc

(
x − uxt
2
√

DLt

)
+ e

ux x
DL erfc

(
x + uxt
2
√

DLt

)]
(5)

Npe =
qL

AϕDL
(6)

Here, C represents mass concentration; Ci denotes the concentration of injected gas
in the reservoir fluid at time t = 0; Cj signifies the concentration of the solvent at the inlet
boundary condition; µx denotes the solvent pore velocity in the x direction; x stands for
distance; t represents time, in minutes; DL is the longitudinal dispersion coefficient, in
cm2/s; Npe stands for the Peclet number; A denotes the cross-sectional area of the core, in
cm2; q is the injection flow rate, in ml/min; L represents the length of the core, in cm; and
Φ represents porosity.

DL is calculated using the following equation:

DL =
1
8

[
x − uxt0.1587√

t0.1587
− x − uxt0.8413√

t0.8413

]2
(7)

In general, the width of the transition zone is much smaller compared to the length of
the core, thus we have the following:

t0.5 − t0.1587 << t0.5
t0.8413 − t0.5 << t0.5

(8)

The values of t0.1587 and t0.8413 in the above equation can be replaced with t0.5, yielding
the following:

DL =
ux

2

8t0.5
(t0.8413 − t0.1587)

2 (9)

µx =
q

Aϕ
(10)

3. Experimental Materials and Procedure
3.1. Cores and Fluids

The experimental cores and fluid samples were obtained from the Dongfang gas field.
The basic parameters of the cores are listed in Table 1. As the cores are loose, the whole
body of each core is wrapped with lead, and the two ends are fixed with steel wire filters to
prevent sanding, as shown in Figure 3. However, due to the loose nature of the core, we
observed a gradual evolution of the core permeability during the experimental process.
After each experiment, the permeability gradually decreased, and after six experiments, it
dropped from the initial 14.62 mD to 0.97 mD. Table 2 lists the experimental scheme and
the evolution of the permeability during each experiment.

Table 1. Basic parameters of experimental cores.

No. Length
cm

Diameter
cm

Permeability
mD

Porosity
%

DF1-1-5 4.93 2.54 17.64 32.19
DF1-1-7 4.98 2.54 17.28 30.36
DF1-1-48 5.09 2.54 14.68 34.00
DF1-1-8 4.88 2.54 16.65 33.65
DF1-1-9 4.78 2.54 15.89 34.25
DF1-1-10 4.89 2.55 15.80 35.01
DF1-1-11 4.88 2.54 16.52 32.25
DF1-1-12 4.77 2.53 16.51 34.77
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Table 1. Cont.

No. Length
cm

Diameter
cm

Permeability
mD

Porosity
%

DF1-1-52 5.01 2.54 15.23 33.89
DF1-1-60 4.95 2.54 14.90 34.39
DF1-1-15 4.88 2.53 16.39 31.88
DF1-1-16 4.88 2.54 16.12 36.24
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Table 2. Experimental scheme and the permeability evolution of the composite long core.

No. Development Scheme Objective Evolutive Permeability
mD

1# 14 MPa → 7 MPa - 14.62

2# 14 MPa → 5 MPa,
5 MPa → 7 MPa

1#/2# compare the effect of
depleted development pressure 6.65

3# 14 MPa → 5 MPa,
5 MPa → 7 MPa

2#/3# compare the effect
of permeability 3.9

4# 14 MPa → 7 MPa 1#/4#/5#/6# compare the effect
of the injected gas composition

3.0
5# 14 MPa → 7 MPa 1.7
6# 14 MPa → 7 MPa 0.97

The experimental fluid was reconstituted in the laboratory according to the formation
pressure of 14 MPa and the formation temperature of 81 ◦C, with the composition of the
formation fluid detailed in Table 3. The injected fluid was reconstituted according to the
formation pressure of 7 MPa and the formation temperature of 81 ◦C, with the composition
of the injected fluid detailed in Table 4.

Table 3. Composition of formation gas.

Component Composition, mol%

CH4 70
N2 25

CO2 5



Processes 2024, 12, 2479 7 of 13

Table 4. Composition of injected gas.

Component Composition, mol%

CH4 10 30 50
N2 0 0 0

CO2 90 70 50

3.2. Experimental Procedure

The experimental process began with a depletion experiment conducted on a long
core sample, followed by a constant-pressure displacement experiment. These experiments
were designed to investigate the gas flow behavior during gas injection and the diffusion
mechanism of CO2 in CH4. The experimental temperature was maintained at the reservoir
temperature of 81 ◦C. The main experimental equipment is as follows: a displacement pump
(P11-03-03) with a pressure accuracy of 0.5%. A multifunctional long core displacement
apparatus (NSPTHX-1203) provides a pressure accuracy of ±1 psi and a temperature
accuracy of ±0.1 ◦C. A gas metering device (NSPTQLY) with a volumetric error of 5%
was used to collect the produced gas at the outlet. A gas chromatograph (7890B, Agilent
Technologies, Santa Clara, CA, USA) was used to analyze the composition of the collected
gas samples. The experimental flowchart is shown in Figure 4.
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The experimental procedure is as follows: The core samples were first dried and their
permeability was measured. After calculating the core arrangement based on the results,
the long-core holder was loaded with the ordered cores. The assembled long core was
then vacuumed for 24 h. The core sample parameters are listed in Table 1. Then, an initial
confining pressure of 3 MPa was applied, and the pre-prepared formation fluid was injected
into the long core using a high-precision displacement pump. Concurrently, the confining
pressure, injection pressure, and back pressure were gradually increased, ensuring that
the confining pressure was always at least 2 MPa higher than the injection pressure. The
internal pressure of the core was gradually raised to a formation pressure of 14 MPa. At a
formation pressure of 14 MPa, the permeability of the assembled long core was measured.
Depletion-style depressurization was carried out using two pressure schemes. In the first
scheme, 14 MPa → 7 MPa, the back pressure at the outlet was gradually reduced to 7·MPa.
The produced gas was collected and measured using a gas-metering device at the outlet.
Once the pressure reached 7 MPa, the fluid specified in Table 3 was injected into the long
core at a controlled rate, ensuring constant-pressure displacement at 7 MPa. In the second
scheme, 14 MPa → 5 MPa → 7 MPa, the pressure in the long core was first depleted
to 5 MPa, then raised to 7 MPa without gas production. Subsequent gas injection was
conducted at 7 MPa. For every 0.05 pore volume (PV) of fluid injected, the produced fluid
at the outlet was analyzed using gas chromatography. The experiment concluded when the
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composition of the produced fluid became consistent with that of the injected fluid, with
no further changes in chromatographic results.

4. Results and Discussion
4.1. EGR and CO2 Breakthrough

During the experiments, CO2 displacement experiments for CH4 were conducted
under conditions of 81 ◦C and 7 MPa, with a displacement rate of 4 × 10−3~5 × 10−3 cm/s.
The recovery of CH4 was compared across different injected gas compositions (90%
CO2 + 10% CH4, 70% CO2 + 30% CH4, 50% CO2 + 50% CH4) in cores with varying perme-
ability. Before the CO2 injection, depletion experiments were first conducted to simulate the
primary recovery process. The depletion process resembled a constant-volume depletion.
The degree of depletion recovery is shown in Figure 5. Subsequent gas injection displace-
ment experiments explored the displacement process in cores with different permeability
levels of 14.62 mD, 6.65 mD, 3.9 mD, 3 mD, 1.7 mD, and 0.97 mD. The CO2 breakthrough
curves at the outlet, under varying injected gas concentrations and permeability, are dis-
played in Figure 6, while the recovery rate comparisons are displayed in Figure 7. The
effects of different injected gas compositions, permeability, displacement rates, and Peclet
numbers on the diffusion behaviors are also addressed.
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Figure 6 illustrates that, during the early stage of the displacement experiment, the CO2
concentration of the produced gas matches the CO2 content in the formation gas. As the
displacement progresses, the injected gas reaches the outlet and CO2 concentration rapidly
increases. At around 1 pore volume (PV), the rise in CO2 concentration begins to level
off. The higher the concentration of CO2 in the injected gas, the earlier the breakthrough
point occurs. Due to the combined effects of permeability and injected gas concentration,
there are slight variations in the breakthrough point. However, higher permeability tends
to facilitate the earlier breakthrough of injected CO2. Based on the analysis of the curves
in Figures 6 and 7, it can be concluded that a higher CO2 concentration in the injected
gas leads to better miscibility between the injected gas and formation gas, resulting in a
shorter transition zone in the breakthrough curve and a higher gas recovery accordingly.
Figure 8 provides the recovery of different experiments. A comparison of the 14.62 mD
and 6.9 mD cases indicates that the pressure increase in the 14 MPa → 5 MPa → 7 MPa
scheme decreases the final recovery. The difference in the recovery between the 6.65 mD
case and the 3.9 mD case shows that permeability has a significant effect on recovery under
the 14 MPa → 5 MPa → 7 Mpa scheme. A possible explanation for this is that the pressure-
building process accelerates the mixing of CO2 and formation gas, and the recovery of the
remaining gas is more sensitive to permeability changes compared to 14 MPa → 7 MPa.
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4.2. CO2 Dispersion Behaviors

During the gas displacement process, the diffusion between molecules will accelerate
the movement of CO2, enhance the mixing of CO2 with natural gas, and thus affect the
recovery rate. When CO2 is injected into the reservoir, it first contacts the natural gas in
the formation. Due to the concentration difference between the two, molecular diffusion
predominantly occurs initially until the system reaches equilibrium. Molecular diffusion
causes the appearance of a mixed-phase region, which harms the displacement efficiency
of natural gas. As shown in Figure 6, the breakthrough point is 0.6~0.8 PV, caused by
molecular diffusion. During the experiment, with an injection rate of 4 × 10−3 cm/s, the
dispersion coefficients calculated for the injection gas compositions of 90% CO2 + 10% CH4
and 70% CO2 + 30% CH4 under a temperature of 81 ◦C and a pressure of 7 MPa were
0.680 × 10−3 cm2/s and 0.938 × 10−3 cm2/s, respectively. It can be observed that the lower
the CO2 concentration in the injection gas system, the higher the dispersion coefficient.
This is because, with a lower CO2 concentration and a higher CH4 concentration, the
injection gas composition is closer to that of the formation gas, which is more likely to lead
to miscibility, resulting in a longer transition zone and more severe dispersion.

Permeability also affects the diffusion process. With a 90% CO2 injection gas con-
centration and a displacement rate of 5 × 10−3 cm/s, after depleting to 5 MPa and then
increasing the pressure to 7 MPa for constant pressure displacement, the dispersion coeffi-
cients for cores with permeabilities of 6.65 mD and 3.9 mD were 0.123 × 10−3 cm2/s and
0.107 × 10−3 cm2/s, respectively. As the permeability decreases, the dispersion coefficient
also decreases. This is because, as the permeability decreases, the viscous resistance of
the fluid increases, and the formation fluid is more likely to be displaced in a piston-like
manner, reducing the degree of dispersion.

Table 5 lists the dispersion coefficients calculated for different experiments. By altering
the injection rate, it was observed that as the injection rate increases, so does the dispersion
coefficient, and the dispersion coefficient is quite sensitive to changes in the injection rate.
The Peclet number (Npe) in porous media is an important factor reflecting the dispersion
process. When Npe is typically lower than 0.1, the dispersion coefficient is predominantly
determined by molecular diffusion, where molecular diffusion is much greater than the
mechanical dispersion caused by convection. When Npe is higher than 10, the dispersion
is dominated by mechanical dispersion, and molecular diffusion can be neglected. It can
be seen in Figure 9 that there is a positive correlation between the injection rate and the
dispersion coefficient. This is because an increase in the injection rate promotes convection
between CO2 and the formation gas, resulting in a larger dispersion coefficient. Figure 10
shows that when the injection rate is constant, there is a negative correlation between
Npe and the dispersion coefficient. That is, the larger the Npe, the smaller the dispersion
coefficient, which results in a steeper CO2 breakthrough curve. Conversely, the smaller the
Npe, the larger the dispersion coefficient, leading to a longer transition zone in the CO2
breakthrough curve and a more gradual slope.

Table 5. Dispersion coefficients for different experiments.

Number CO2 Content of
Injected Gas

Darcy Velocity
10−3 cm/s

Permeability
mD Npe

Dispersion
Coefficient
10−3 cm2/s

1# 90% 4.991 14.62 290 1.012
4# 90% 3.993 3 360 0.680
5# 70% 3.993 1.7 261 0.938
6# 50% 4.991 0.97 268 1.141
2# 90% 4.991 6.65 238 1.232
3# 90% 4.991 3.9 274 1.070
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5. Conclusions

This study investigated the effects of different gas compositions and permeability
on gas diffusion behavior in offshore reservoirs by injecting produced CO2 back into the
reservoir. The impact of injection gas composition and permeability on the dispersion
coefficient was analyzed and compared. The main conclusions are as follows.

1. The higher the concentration of CO2 in the injected gas, the later the breakthrough
time of CO2, the shorter the transition zone, and the smaller the dispersion coefficient.
The average dispersion coefficient is about 1 × 10 cm3/s under the experimental
conditions of this study. Additionally, both the breakthrough time of CO2 and the
recovery of CH4 are influenced by permeability.

2. The higher the concentration of CO2 in the injected gas, the greater the difference in
physical properties between the injected gas and the formation gas, making it less
likely to achieve miscibility and thus resulting in a smaller dispersion coefficient.

3. As the permeability decreases, the viscous resistance of the fluid increases, leading
to a short transition zone. The formation fluid is more likely to be displaced in a
piston-like manner, reducing the degree of dispersion. Besides analyzing the CO2
breakthrough curve, more advanced techniques should be used to characterize the
transition zone in greater depth and quantitatively.

4. Npe is inversely proportional to the dispersion coefficient. The longer the transition
zone of the CO2 breakthrough curve, the larger the Npe and the smaller the disper-
sion coefficient. Conversely, the shorter and steeper the transition zone of the CO2
breakthrough curve, the smaller the Npe and the larger the dispersion coefficient.
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