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Abstract

:

This study explored the effectiveness of gas injection for enhanced oil recovery (EOR) in fractured basement complex reservoirs, combining laboratory experiments with numerical simulation analyses. The experiments simulated typical field conditions, focusing on understanding the interaction between the injected gas and the reservoir’s fracture–matrix system. The laboratory results showed that under the current reservoir pressure and temperature conditions, nitrogen gas flooding in the fractured matrix achieved a superior oil recovery efficiency compared to that of the other gases tested (CO2, APG, and oxygen-reduced air), exhibiting the most favorable movable oil saturation range and the lowest residual oil saturation. To evaluate the performance of nitrogen gas injection in a fractured basement complex reservoir, a 3D reservoir model with complex natural fractures was built in a numerical reservoir simulator. Special methods were required for the geological modeling and reservoir simulation, with the specific principles outlined. Numerical simulations of gas injection into fractured basement complex reservoirs revealed that cyclic gas injection was identified as the most effective strategy, balancing incremental oil recovery with minimized gas channeling risks. This study demonstrated that the optimal injection location and rate are crucial factors affecting the recovery performance. These findings provided actionable insights for implementing gas injection EOR strategies in fractured basement complex reservoirs, highlighting the importance of optimizing the injection parameters to maximize the recovery.
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1. Introduction


The study of basement complex oil reservoirs has garnered significant attention in the oil and gas industry over several decades. Early research efforts focused on understanding the characteristics of these reservoirs in the United States, with investigations into their nature and production potential [1,2,3,4,5]. In South Vietnam, Kireev et al. explored the composition, structure, and oil-bearing potential of the basement complex in the White Tiger Field, a hallmark example of fractured basement reservoirs [6]. Similarly, Malim et al. examined the challenges and outcomes of formation evaluation in a fractured basement reservoir in Malaysia, emphasizing the intricacies of assessing such geologically complex systems [7]. More recently, McGeer et al. characterized a highly complex fractured basement reservoir in Yemen, detailing the interactions between the production mechanisms in the fractured basement and the overlying sandstone reservoir [8]. These studies collectively highlighted the global diversity of fractured basement reservoirs and underscored the importance of understanding their unique characteristics to optimize recovery strategies.



Fractured basement reservoirs present significant challenges due to their pronounced static and dynamic heterogeneity, which stem from the intricate distribution of the fractures and complex matrix interactions [9]. To maintain the reservoir pressure in such systems, water and gas injection have frequently been employed. However, the presence of fractures has often led to rapid water channeling, which can bypass substantial portions of the oil, leaving it trapped within the reservoir matrix. To address these challenges, various gas injection techniques, including miscible and immiscible methods, have been investigated as effective means to enhance the oil recovery in fractured basement reservoirs [10]. Research indicates that gas injection can significantly improve the recovery factor by increasing the interaction between the injected gas and trapped hydrocarbons, thereby enhancing the oil displacement [11]. Gas flooding, in particular, offers the advantage of penetrating microscopic fractures and pores, improving the sweep efficiency and mobilizing oil that would otherwise remain inaccessible. Moreover, gas injection leverages the gravity difference between the oil and gas by introducing gas at the upper sections of the reservoir, facilitating oil recovery from the middle and lower zones of the fractured basement complex. This gravity-assisted mechanism not only improves the displacement efficiency but also maximizes the utilization of the reservoir’s natural characteristics to enhance the overall recovery [12,13,14,15,16,17,18,19,20,21,22,23,24,25,26].



These heterogeneities significantly influence the fluid flow behavior, complicating the processes of characterization, modeling, and simulation [27,28,29,30,31,32,33,34,35,36]. To address these complexities, researchers have developed two primary modeling approaches to understanding the fluid dynamics in fractured systems better: dual-porosity (dual-continuum) models and discrete fracture models (DFMs) [37,38,39,40,41]. These methodologies have offered unique strengths in tackling the intricate interactions within fractured reservoirs. Dual-porosity (dual-continuum) models are particularly well suited to large-scale reservoir simulations, as they efficiently approximate the impact of fractures that are too small to be explicitly resolved. However, these models struggle to accurately capture the highly heterogeneous distribution of the fracture properties, which can lead to oversimplified representations of the fluid flow dynamics. On the other hand, DFMs provide a more detailed and accurate depiction of the fluid flow in reservoirs with significant fracture heterogeneity. By explicitly modeling the individual fractures, DFMs effectively capture the dynamic interactions between the fractures and the matrix. Despite their accuracy, DFMs are computationally demanding, especially for large reservoirs with complex fracture networks. Additionally, they require high-resolution data on the fracture geometry and distribution, which is often challenging to obtain in practice. To model and simulate the interactions between the fractured basement and the overlying sandstone reservoir, special methods are required for geological modeling and reservoir simulation, with the specific principles outlined in this paper.



In this study, both laboratory experiments and reservoir simulations were carried out to evaluate the feasibility and benefits of gas injection into fractured basement complex oil reservoirs. Several key physical tests were conducted to understand the behavior of gas injection, including CO2, associated petroleum gas (APG), air, and N2. For the simulation, a 3D fractured basement complex model was constructed to simulate the performance of gas injection, optimize the gas injection strategies by simulating different injection scenarios, and quantify the incremental recovery obtained from gas injection compared to that with other methods.



Unlike earlier studies that predominantly explored miscible gas injection techniques or emphasized geological characterization, this study provides a comprehensive analysis of nitrogen injection as an immiscible gas for enhanced oil recovery. Furthermore, our investigation develops and validates an optimized cyclic gas injection method tailored to the unique geological and fluid characteristics of fractured basement reservoirs. These contributions build on prior findings and offer practical insights for improving the recovery factors in similarly complex reservoir systems.




2. Methods


This study employs a multidisciplinary approach to evaluating the feasibility and optimization of nitrogen gas injection into fractured basement complex reservoirs. Laboratory experiments were conducted to measure key parameters, including the minimum miscibility pressure (MMP), the oil recovery efficiency through core flooding, and the oil–gas relative permeability in fractured and matrix samples. The numerical simulations utilized a sandstone model and a fractured basement reservoir model to simulate the fluid flow dynamics under various injection scenarios. The models were calibrated using production data through history matching to ensure their accuracy. A combination of geological characterization, experimental results, and numerical simulations enabled a comprehensive validation and provided insights into the optimal gas injection strategies. The flowchart is shown in Figure 1.



2.1. Laboratory Methods


Laboratory experiments were conducted to evaluate the efficiency of nitrogen gas injection in enhancing the oil recovery within fractured reservoirs. The minimum miscibility pressure (MMP) was determined using a slim-tube apparatus under reservoir conditions (96.8 °C) for gases including N₂, CO₂, and associated petroleum gas (APG). Long-core flooding experiments were performed on fractured core samples to assess the oil recovery efficiency for each gas type, simulating immiscible displacement processes. Additionally, oil–gas relative permeability curves were measured for both matrix and fractured systems to capture the flow behavior and the saturation characteristics under various injection scenarios. These experiments provided critical input parameters for validating the numerical simulations and optimizing the gas injection strategies.



The oil sample used in the laboratory test was from a typical well in a fractured basement complex oil reservoir, which was a black oil system. The APG used in the laboratory test came from a high-gas-rate well in the main oilfield, with 67.9% C1 + N2 and 32.1% C2–C6 + CO2, indicating a rich gas with a high methane content, as shown in Table 1. The test conditions were the same in terms of formation temperature and pressure.



2.1.1. The Minimum Miscibility Pressure (MMP) Test


The slim-tube experiment was the primary method for determining the minimum miscibility pressure (MMP) of a given injection gas. The slim-tube experiment was conducted following the standard procedures in the petroleum industry. The experimental temperature was set to match the reservoir temperature of the fractured basement complex reservoir. The injection pump operated in a constant-speed mode, with the displacement pressure controlled by the back pressure according to the designed value. The displacement rate was 0.2 mL/min, and the displacement process ended when the injected gas volume reached 1.2 PV. Detailed parameters for the slim-tube experiment are listed in Table 2.




2.1.2. Core Flooding Experiments


Gas flooding has received extensive attention due to its low cost and high effectiveness. This paper explored the differences in the oil recovery efficiency among four gases (CO2, APG, oxygen-reduced air, and N2) by comparing their flooding efficiencies in long-core experiments and examining the underlying reasons for these differences.



A long core with a length of 45.25 cm and a diameter of 2.48 cm was selected, with a porosity of 5.1% and a permeability of 62.13 mD. Light crude oil with a viscosity of 2.55 mPa·s was used, as shown in Table 3. There were 4 different displacement gases: CO2, associated gas, air, and N2. After saturating the core sample with water, it was saturated with crude oil to establish the initial oil saturation. We performed displacement experiments using CO2, associated gas, air, and N2, recording the pressure changes and oil production during the displacement process. We maintained a constant temperature throughout the experiment to simulate reservoir conditions.




2.1.3. The Relative Permeability Experiment


To study the effectiveness in terms of the gas injection displacement efficiency in the fractured basement complex reservoir, a series of gas flooding experiments were conducted. A standard workflow for testing the relative permeability of two-phase fluids (oil and gas) in sandstone and fractured basement rock was used to measure the oil–gas relative permeability curve during gas flooding under unsteady conditions. In these tests, the oil’s viscosity was 2.55 mPa·s, and water’s viscosity was 0.019 mPa·s. The experimental data for oil–gas relative permeability and the corresponding permeability curves for each core during gas flooding were determined and normalized.



This study conducted four sets of relative permeability experiments on four core samples, aiming to explore the differences in the flow characteristics between the matrix cores and artificially fractured matrix cores under gas flooding conditions (Seen in Table 4).





2.2. Numerical Simulation Methods


2.2.1. Geological Modeling


The basement complex was an assemblage of metamorphic and igneous rocks underlying stratified rocks [42]. The research target was a triangular closed fault block bounded by faults that had developed in three directions: northeast, northwest, and southeast. It featured the structural characteristic of being higher in the northeast and lower in the southwest, with the highest point located in the northwest. The formation dip angle reached up to 30 degrees. The shale interlayers within the oil reservoir in the block were unevenly developed and directly overlaid the fractured granite, with unified oil–water contact. In Figure 2, the structural and lithological characteristics of the reservoir are illustrated. The colors represent different geological units and features: fractured granite, overlying sandstone, and fault zones. The unified oil–water contact (blue line) indicates a single-temperature–pressure system.



The reservoir’s stratigraphy can be divided into two main units: the basement complex, primarily composed of granite, granodiorite, and granodioritic gneiss, and the overlying sandstone, characterized by dark brown, gravel-bearing, medium to coarse sandstone. The sandstone was generally a medium-porosity, medium- to high-permeability oil reservoir, with an average porosity of 18.4% and an average permeability of 638 × 10⁻3μm2. DST (Drill Stem Test) data indicate that the temperature and pressure vs. depth curves of the field’s sandstone and basement reservoirs were consistent, suggesting that the sandstone and the basement reservoirs form a single-temperature–pressure system. The crude oil in this block was light oil, with a density of 0.8429 to 0.8558 g/cm3 at 20 °C and a gravity ranging from 33.25 to 35.80° API. The formation temperature of the fractured basement complex was 96.8 °C, the formation pressure was 12.3 MPa, and the gas/oil ratio was 15.9 m3/m3.



The reservoir is predominantly composed of fractured granite with overlying sandstone. The granite matrix has a low porosity and permeability, while the fractures act as the primary flow pathways, and the fractures on the top of the basement are more developed. The fractured granite reservoir spanned a large thickness, with a depth extending 190 m below the basement surface, while the main reservoir’s thickness was mostly within 60 m. The good reservoir zones in the basement were distributed in a quasi-layered pattern, and generally, the reservoirs in the structural high were superior to those in the structural low. Affected by multiple phases of tectonic movements, the basement complex had well-developed faults, with two main sets of faults oriented in the NW and NE directions. Among these, the northwest-oriented faults were the primary ones. Based on the imaging logging data, the fractures were predominantly medium- to high-angle, ranging from 40° to 70°, and oriented in the NW-SE direction, which was generally consistent with the fault strike. Figure 3 shows a stereo plot of the fractures interpreted in the fractured granite reservoir.



Furthermore, based on drilling, logging, and seismic data and guided by the theory of fault closure, a study of the sealing capacity was conducted through qualitative and quantitative evaluations of the faults and cap rocks. This study, which built upon the stratigraphic correlation, structural interpretation, and reservoir property predictions, provided a basis for assessing the feasibility of gas injection development in the fractured basement complex reservoir. Geological research indicated that the boundary faults had a good sealing capacity, while the intra-block faults exhibited a poor sealing capacity, which did not affect gas injection development.



The 3D geological model is a three-dimensional visualization of the reservoir characterization results. It integrates multidisciplinary data to enable a quantitative 3D description and prediction of the geological features. A detailed 3D geological model was developed, resulting in a variable-depth corner-point grid system. A permeability model of the sandstone reservoir is shown in Figure 4. After coarsening, the planar grid size was 50 m × 50 m; the vertical grid thickness was 1 m for sandstone and 5 m for the basement. The block size of the fractured basement complex reservoir was 50 m × 50 m × 1 m, and DX-DY-DZ was 85 × 57 × 253 in the matrix and fracture grid.



The DFN (discrete fracture network) model integrates data from geophysics, geology, and reservoir engineering, enabling a systematic description of the fractures. Based on the fracture characterization, the orientations and dip angles of the fractures interpreted from borehole imaging (BHI) logging were analyzed. The dominant fracture orientations in the area were in the NW and NE directions, with medium to high dip angles (40° to 70°).



A statistical analysis of the correlation between the fracture intensity and seismic attributes indicates a strong correlation with ant-tracking and maximum likelihood attributes. These attributes were therefore used as the constraints to conduct two sets of stochastic simulations of the fracture distribution, resulting in a spatial distribution model of the fracture networks. Using seismic attribute constraints, two sets (NW and NE) of stochastic simulations of the fracture distribution were conducted, resulting in a spatial distribution model of the fracture networks. A DFN model of the fractured basement complex reservoir is shown in Figure 5.




2.2.2. The Building Reservoir Simulation Model


To analyze the nitrogen gas injection performance in the fractured basement complex reservoir, a 3D reservoir model with complex natural fractures was built in a numerical reservoir simulator. The numerical simulation of the fractured basement complex reservoir differed significantly from the traditional single-porosity, single-permeability or dual-porosity, dual-permeability models. Special methods were required for the geological modeling and reservoir simulation, with the specific principles outlined as follows:




	(1)

	
The geological model was vertically divided into N layers, which were defined as 2N layers in the numerical simulation. This meant the model contained two systems: sandstone (matrix) and the fractures.




	(2)

	
The sandstone (matrix) block model was assigned reservoir properties such as permeability and porosity, with the grid block size corresponding to the simulation grid size.




	(3)

	
The fracture model was assigned natural fracture properties, including fracture permeability and porosity.




	(4)

	
The interporosity flow coefficient represented the ease of fluid exchange between the fracture system and the matrix block system in the dual-porosity reservoir.









A schematic diagram of the principles of the dual-media simulation is shown in the Figure 6. This approach allowed for the implementation of both dual-porosity, dual-permeability and dual-porosity, single-permeability models.



Different control properties were set for each reservoir and region to establish a single-medium numerical model for the sandstone reservoirs. The fracture properties corresponding to the sandstone reservoir were assigned a value of 0, the sandstone block factor was set to 0, and the fracture system was deactivated.



The geological modeling incorporated 3D seismic interpretation and borehole imaging to construct a discrete fracture network (DFN) model representing the fracture geometry, density, and connectivity. The fracture permeability and porosity were calibrated using well testing data, while the matrix properties were derived from a core analysis. This model was integrated into a dual-porosity framework for simulating the fluid flow between the fractures and the matrix, as well as in the fractured basement reservoir and the sandstone reservoir.



The simulation approach demonstrated high adaptability, as the dual-porosity and DFN models were transferable to other reservoirs with similar fracture characteristics. This study provides a practical framework for enhancing the oil recovery in diverse fractured reservoir settings, ensuring scalability and customization.




2.2.3. Simulation Parameters


After upscaling the model using software, porosity and permeability models for the fractures were generated. The fracture conductivity was 30.5 mD·m from the well testing data. The relative permeability curve and the other parameters were obtained from the relative permeability experiments above. The reservoir and fracture properties used in the simulation are summarized in Table 5.




2.2.4. History Matching


The fractured basement complex reservoir was developed using an irregular well pattern with water injection. There were 29 wells, including 24 oil producers and 5 water injectors. The complex reservoir was in a gradual decline phase at the time. After the injection of water into the sandstone, the formation pressure significantly increased, but the pressure maintenance was still below 50%. It was necessary to study effective methods for reasonable energy supplementation. Based on the laboratory tests and the model built using the novel method, gas injection was optimized in the fractured basement complex reservoir.



History matching was conducted by comparing the simulated production performance with actual field data, including the pressure trends, oil recovery rates, and gas–oil ratio. The model parameters, such as the permeability, porosity, and fracture properties, were iteratively adjusted until the simulated results matched the field data within acceptable error limits. The relative errors were minimized to 3.4% for cumulative oil production and 4.2% for cumulative liquid production. The single-well matching accuracy reached approximately 90%, demonstrating the model’s reliability for predictive simulations.



To validate the accuracy of the simulation framework, sensitivity tests were performed on key reservoir parameters, including fracture permeability and conductivity. These tests confirmed that variations within ±10% of the base values resulted in a less than 5% deviation in the recovery predictions, underscoring the robustness of the simulation approach.



Simultaneously, the process generated distributions for the remaining oil and pressure, providing initialization conditions for optimizing development plans. The forecast simulation time was about 20 years.






3. Results Analysis


3.1. Laboratory Results


3.1.1. The MMP Testing Results


Slim-tube displacement experiments were conducted at different pressures to evaluate the degree of miscibility. The results indicated that when CO2 was injected at a pressure of 12.23 MPa and an injection volume of 1.2 PV, the oil recovery efficiency exceeded 90%. Therefore, this pressure could be considered the MMP. Using this method, the MMPs of the other three kinds of gases (APG, oxygen-reduced air, and N2) were researched, which are shown in Table 6.



Under the current reservoir pressure and temperature conditions, none of the injected gases could achieve miscibility, and the oil recovery primarily relied on gas cap gravity drainage.




3.1.2. The Core Flooding Efficiency


The displacement efficiency for these four different gases is summarized in Table 7. Four kinds of gases were used in long-core gas flooding efficiency experiments, and all of the results are shown in Figure 7. CO2 had the highest oil recovery efficiency, reaching 74.97%. This was because under the experimental conditions, CO2 achieved miscible pressure with the crude oil, forming a miscible phase that enhanced the oil recovery efficiency. APG had the second highest recovery efficiency, reaching 59.59%. It contained a certain proportion of light hydrocarbon components that could partially dissolve in the crude oil, improving its flow ability. Air had an oil recovery efficiency of 54.16%. It contained a small amount of oxygen, which could promote slight oxidation of the crude oil, though thus effect was limited. N2 had the lowest oil recovery efficiency, at only 51.64%. N2 did not dissolve in the crude oil and relied mainly on physical displacement, resulting in a relatively lower efficiency.



The experimental studies showed that CO₂ had the highest oil recovery efficiency, primarily because its low miscible pressure allowed it to achieve a miscible state under the experimental conditions, significantly enhancing the recovery efficiency. The other three gases (APG, oxygen-reduced air, and N2) exhibited similar oil recovery efficiencies in a non-miscible state, mainly influenced by their physical properties and interactions with the crude oil.



According to the MMP tests and the long-core flooding experiments, CO2 only exhibited significant advantages under miscible conditions. However, injecting CO2 imposed considerable burdens on the wellbores and the gathering and transportation systems. Compared to APG injection, N2 was easy to obtain, cost-effective, and safe to inject. So, implementing nitrogen injection in developing the fractured basement complex reservoir was recommended.




3.1.3. Relative Permeability Analysis


The movable oil saturation range during gas flooding in the matrix was 40.3% to 61%, with a residual oil saturation of 39%. This indicated that approximately 40.3% to 61% of the crude oil could be displaced during matrix gas flooding, while the remaining 39% remained trapped in the formation. The oil recovery efficiency in the matrix core was 37.4%. For gas flooding in the fractures, the movable oil saturation range was 35% to 70%, with a residual oil saturation of 29.7%. This meant that about 35% to 70% of the crude oil could be displaced during fracture gas flooding, while 29.7% of the oil remained in the formation. The efficiency of gas flooding in the cores with artificial fractures was about 52.7%. Using the same method, gas flooding experiments were conducted on sandstone. The movable oil saturation range during sandstone gas flooding was 35% to 64%, with a residual oil saturation of 36%. This indicated that approximately 35% to 64% of the crude oil could be displaced during the gas flooding process, while the remaining 36% stayed trapped in the formation.



Gas flooding in the sandstone, the matrix, and the fractured matrix exhibited different performances in terms of the movable oil saturation range and the residual oil saturation, which are shown in Figure 8 and Figure 9. Among these, the gas flooding in the fractured matrix achieved the best results, with the widest movable oil saturation range and the lowest residual oil saturation, making it an effective method for enhancing the reservoir recovery. The gas flooding in the matrix was second, while the gas flooding in the sandstone showed a lower efficiency. Gas injection for oil recovery in a fractured basement complex oil reservoir could be utilized to achieve the optimal development performance.



From the experimental mechanism studied above, the residual oil saturation for sandstone after water flooding was 23.7%, while for gas flooding, it was 36%. Gas flooding resulted in an even lower residual oil saturation in the fracture system and was more suitable for the fractured basement reservoir. High-permeability sandstone showed a greater advantage with water flooding compared to gas flooding.





3.2. Simulation Results


3.2.1. The Optimal Injection Rate


Based on the liquid production rate of the fractured basement complex reservoir, four gas injection cases were designed with daily injection rates of 30,000 m3/d, 50,000 m3/d, 70,000 m3/d, and 90,000 m3/d, and the oil recovery in these case is shown in Figure 10. By analyzing the oil increment effects in each case, the optimal gas injection rate was recommended. According to the data from the reservoir numerical simulation, a daily gas injection rate of 50,000 m3/d achieved a moderate increase in the reservoir pressure, effectively improved the crude oil’s mobility, and delivered the best oil recovery performance. When the gas injection rate exceeded 50,000 m3/d, the increase in the reservoir pressure diminished, and the incremental oil recovery effect no longer improved significantly. Excessive gas injection not only raised the operational costs but also increased the risk of gas channeling.



Implementing nitrogen injection at a rate of 50,000 m3/day did pose logistical challenges, particularly regarding the operational costs and gas availability. An onsite nitrogen generator was used to alleviate the supply constraints in the research area, and high-capacity compressors and infrastructure were required to maintain the injection rate, but these would require additional equipment investments. These challenges underscore the importance of a detailed feasibility study to optimize the balance between cost, supply reliability, and project economics.




3.2.2. The Cyclic Injection Strategy


Cyclic gas injection is an important technical approach to enhancing oil recovery. By scheduling the injection and shut-in periods, gas channeling could be effectively controlled, leading to increased oil recovery. Six cyclic gas injection cases were designed: injecting for 1 month and shutting in for 11 months, injecting for 2 months and shutting in for 10 months, injecting for 3 months and shutting in for 9 months, injecting for 6 months and shutting in for 6 months, injecting for 8 months and shutting in for 4 months, and injecting for 10 months and shutting in for 2 months.



The results of the reservoir numerical simulation are shown in Table 8 and Figure 11. It was seen that cyclic gas injection caused significant production fluctuations. While the daily oil production initially increased compared to that with continuous injection, it quickly declined. This reflected that gas channeling was partially suppressed, and it also indicated an insufficient fluid supply due to a decline in reservoir pressure.



Overall, the larger the cumulative gas injection, the higher the cumulative oil production. However, as the gas volume left in the reservoir reached a certain threshold, the increment began to slow down. According to the results of optimization of the numerical simulation, lower injection cycles led to a lower cumulative oil production. When the injection cycle dropped below 67%, the cumulative oil production declined more rapidly, and when it fell below 25%, this decline became steep. Therefore, the recommended development approach was to inject gas for 8 months and shut in for 4 months.




3.2.3. Gas Injection Location


Three cases were designed: no gas injection development, gas injection in the middle of the fractured basemen complex reservoir, and gas injection at the top. The oil recovery in these cases was 28.6%, 34.1%, and 38.0%, respectively, as shown in Figure 12. The numerical simulation results indicated that the gas injection at the top of the fractured basement complex reservoir showed a significantly better oil recovery compared to that with the gas injection in the middle and no gas injection development. Gas injected at the higher structures formed a larger artificial gas cap volume than the gas injection in the middle, providing better pressure maintenance and a superior development performance.






4. Discussions


4.1. Simulation and the Geological Impact


This combined experimental and modeling workflow is applicable to a wide range of fractured reservoirs, but the recovery factor in gas injection is sensitive to geological variations. The impact of geological variations was evaluated by modifying the reservoir characteristics in the simulation models. For instance, a transition from fractured granite to a carbonate lithology can introduce additional mechanisms, such as matrix dissolution, which may improve the recovery efficiency for miscible injection but limit the effectiveness of immiscible nitrogen injection. Conversely, lower-permeability rocks, such as dense metamorphic formations, would reduce the fracture connectivity, increasing gas channeling risks and requiring higher injection pressures.



To quantify these effects, sensitivity analyses were performed by varying the porosity (±20%), permeability (±30%), and fracture intensity (±25%). The results indicated that the oil recovery decreased by up to 15% when the permeability and fracture intensity were reduced, while a higher porosity and fracture density increased the recovery by approximately 10% due to the enhanced sweep efficiency. These findings highlight the adaptability of the proposed nitrogen injection strategy, although the optimal parameters should be recalibrated for reservoirs with significantly different geological characteristics.




4.2. A Comparative Analysis


Previous studies on fractured basement reservoirs have predominantly focused on CO2 and other miscible gas injection techniques, emphasizing their ability to achieve miscibility and enhance the oil displacement efficiency. In contrast, this study demonstrated the viability of nitrogen injection under immiscible conditions, achieving substantial oil recovery through gravity-assisted drainage and optimizing the gas utilization. Unlike previous works, our findings revealed that immiscible nitrogen injection, when applied with cyclic strategies, mitigated gas channeling while leveraging the natural fracture networks to improve the recovery efficiency.



This study provides novel insights into nitrogen injection and its application in fractured basement complex reservoirs. The laboratory experiments show that nitrogen injection achieves a wide movable oil saturation range (35–70%) in fractured matrices, with a residual oil saturation as low as 29.7%, despite its immiscible nature. Furthermore, the optimized cyclic injection strategy—8 months of injection followed by a 4-month shut-in period—yields a recovery factor of 37.9%, balancing an incremental recovery with minimized gas channeling risks. This cyclic approach leverages the pressure redistribution during shut-in periods to enhance the sweep efficiency.



The development strategy for the fractured basement complex reservoir involved the injection of water into the sandstone combined with the injection of gas into the fractured basement reservoir. Gas was injected at the top of the complex reservoir, with an optimal injection rate of 50,000 m3/d. A cyclic gas injection approach was adopted, injecting gas for 8 months, followed by a 4-month shut-in period. This combined water injection and gas injection strategy achieved a recovery factor of nearly 40%, demonstrating a significant development efficiency.




4.3. Limitations and Future Work


While this study primarily focused on technical optimization, future evaluations should incorporate an economic analysis to validate the recommended strategies. Key factors include the capital costs, operational costs, economic returns, and risk factors. Our preliminary estimates suggested that the benefits of enhanced recovery using cyclic injection outweighed the costs, but a detailed economic model needs to be built in future research.





5. Conclusions


This study demonstrates the viability and optimization of nitrogen gas injection for enhanced oil recovery in fractured basement complex reservoirs through integrated laboratory experiments and numerical simulations. The laboratory results revealed that nitrogen injection, despite being immiscible, achieved a recovery efficiency of 51.64% with the widest movable oil saturation range (35–70%) and the lowest residual oil saturation (29.7%) among the gases tested, establishing it as a cost-effective alternative to CO2 under low-pressure conditions. Through the numerical simulation, an optimized cyclic injection strategy consisting of an 8-month injection period followed by a 4-month shut-in period was identified, yielding a recovery factor of 37.9% while effectively minimizing gas channeling risks. This study further established that the injection location significantly impacts the recovery performance, with injection at the top into high-structure fractures achieving the highest recovery factor of 38.0%, compared to 34.1% for injections in the middle and 28.6% for no injection. Additionally, an optimal daily nitrogen injection rate of 50,000 m3/d was determined to balance the recovery performance with operational feasibility. These findings provide practical guidelines for implementing nitrogen injection in fractured basement complex reservoirs, demonstrating that proper optimization of the injection parameters, particularly the cycle timing and injection location, can significantly enhance the oil recovery while managing the operational challenges inherent to fractured basement complex reservoirs.
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Figure 1. Comprehensive methodology flowchart of gas injection into fractured basement complex reservoirs. 
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Figure 2. Cross-section of the fractured basement complex reservoir. 
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Figure 3. (a) Dominant fracture orientations in the NW-SE direction. (b) Dominant fracture with medium to high dip angles (40°–70°). 
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Figure 4. Permeability model of the sandstone reservoir. 
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Figure 5. DFN model of the fractured basement complex reservoir. 
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Figure 6. Schematic diagram illustrating the dual-medium simulation approach used in this study. 
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Figure 7. Oil recovery efficiencies of four gases (CO₂, APG, air, and N₂) from core flooding experiments. (a) Oil recovery efficiency for CO₂ gas flooding. (b) Oil recovery efficiency for APG gas flooding. (c) Oil recovery efficiency for air gas flooding. (d) Oil recovery efficiency for N2 gas flooding. 
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Figure 8. Movable oil saturation range in three different media (sandstone, matrix, and fractured matrix) after gas flooding. 
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Figure 9. Residual oil saturation in 3 different media (sandstone, matrix, and fractured matrix) after gas flooding. 
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Figure 10. Comparison of oil recovery with 4 different gas injection rates. 
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Figure 11. Oil recovery performance for six cyclic gas injection scenarios, varying the injection and shut-in periods. 
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Figure 12. Comparison of oil recovery under three development scenarios (no gas injection development, gas injection in the middle, and gas injection at the top). 
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Table 1. Composition of the APG.
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	Component
	Composition, mol%





	CO2
	0.32



	N2
	5.64



	C1
	62.25



	C2
	11.05



	C3
	13.05



	iC4
	3.63



	nC4
	2.84



	iC5
	0.41



	nC5
	0.15



	C6+
	0.67










 





Table 2. Parameters for the slim-tube experiment.
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	Diameter

(mm)
	Length

(cm)
	Pore Volume

(mm3)
	Temperature

(°C)
	Highest Pressure

(MPa)
	Medium





	1.05
	20.0
	73.5
	96.8
	25
	quartz sand










 





Table 3. Core properties and conditions for core flooding experiments.






Table 3. Core properties and conditions for core flooding experiments.





	L

cm
	D

cm
	Ka

mD
	Φ

%
	μo

mPa·s
	So

%





	45.25
	2.48
	62.13
	5.1
	2.55
	65.6










 





Table 4. Statistics in terms of characteristic values of oil–gas relative permeability curves.
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	Sample No.
	Type
	L, cm
	D, cm
	Ka, mD
	Ko, mD
	Porosity, %
	Swi, %
	Sor, %
	ED, %





	2-8-3
	Matrix
	2.442
	2.477
	2.929
	0.153
	13.8
	38.5
	37.5
	42.4



	2-8-1
	Matrix
	4.338
	2.481
	0.559
	0.022
	8.6
	42.0
	40.5
	32.3



	1-3-1
	Fracture + Matrix
	6.638
	2.48
	62.4
	13.1
	4.6
	35.1
	30.1
	52.12



	2-9-2
	Fracture + Matrix
	4.086
	2.483
	59.6
	11.6
	4.8
	35.8
	29.4
	53.32










 





Table 5. Basic reservoir and fracture properties used for fractured reservoir simulations.
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	Parameter
	Value





	Number of grid blocks (DX × DY × DZ)
	85 × 57× 253 (2 set)



	Block size (x × y × z)
	50 m × 50 m × 1 m



	Reservoir temperature
	92.4 °C



	Reservoir permeability
	8 mD



	Matrix porosity
	6%



	Rock compressibility
	14.5×10−4 MPa−1



	Initial formation pressure
	15.0 MPa



	Reservoir mid-depth
	1354.7 m



	Reservoir GOR
	19.0 m3/m3



	Oil viscosity
	2.55 mPa·s



	Kv/KH
	0.10



	Well radius
	0.15 m



	Fracture length
	50–400 m



	Dip angle
	40°–70°



	Fracture conductivity
	30.5 mD·m










 





Table 6. Summary of MMPs for different gas.
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	Gas Type
	MMP

(MPa)





	CO2
	12.23



	APG
	17.15



	Air
	83.61



	N2
	107.85










 





Table 7. Summary of displacement efficiency for different gases.
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	Gas Type
	Kair

(mD)
	Porosity (%)
	Oil Saturation (%)
	Injection Rate (cm3/min)
	Displacement Efficiency (%)





	CO2
	1.68
	13.63
	60.4
	0.01
	70.3



	APG
	0.94
	12.58
	59.0
	0.01
	64.5



	Air
	1.28
	11.01
	58.2
	0.01
	53.5



	N2
	2.25
	14.40
	61.5
	0.01
	50.5










 





Table 8. Statistics of cyclic gas injection strategies.
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	Mode
	Cumulative Gas Injection Volume

(×108 m3)
	Cumulative Gas Production Volume

(×108 m3)
	Gas Left in the Reservoir

(×108 m3)
	Oil Recovery

(%)





	Inject for 1 M, shut for 11 M
	0.255
	0.069
	0.186
	37.24



	Inject for 2 M, shut for 10 M
	0.510
	0.313
	0.197
	37.39



	Inject for 3 M, shut for 9 M
	0.765
	0.557
	0.208
	37.53



	Inject for 6 M, shut for 6 M
	1.472
	1.236
	0.236
	37.76



	Inject for 8 M, shut for 4 M
	1.960
	1.703
	0.257
	37.88



	Inject for 10 M, shut for 2 M
	2.463
	2.204
	0.259
	37.94



	Continuous injection
	3.059
	2.797
	0.262
	38.00
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